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Preface to ”Application of Nanoparticles for Oil

Recovery”

The oil industry has, in the last decade, seen successful applications of nanotechnology in

completion systems, completion fluids, drilling fluids, and in improvements of well constructions,

equipment, and procedures. However, very few full field applications of nanoparticles as an additive

to injection fluids for enhanced oil recovery (EOR) have been reported. Many types of chemical

enhanced oil recovery methods have been used in fields all over the world for many decades and

have resulted in higher recovery, but the projects have very often not been economic. Therefore, the

oil industry is searching for a more efficient enhanced oil recovery method. Based on the success

of nanotechnology in various areas of the oil industry, nanoparticles have been extensively studied

as an additive in injection fluids for EOR. This book includes a selection of research articles on the

use of nanoparticles for EOR application. The articles are discussing nanoparticles as additive in

waterflooding and surfactant flooding, stability and wettability alteration ability of nanoparticles and

nanoparticle stabilized foam for CO2-EOR. The book also includes articles on nanoparticles as an

additive in biopolymer flooding and studies on the use of nanocellulose as a method to increase the

viscosity of injection water. Mathematical models of the injection of nanoparticle-polymer solutions

are also presented.

Ole Torsaeter

Editor
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Due to their large surface-area-to-volume ratio and enhanced chemical reactivity,
nanoparticles have attracted interest among researchers in the upstream petroleum industry
for oil recovery applications. Nanoparticles have been studied as additives to waterflooding
from day one of production as well as additives at later-stage waterflooding (secondary
and tertiary recoveries). Many types of nanoparticles have been tested, and the aims of the
nanoparticles have been either to reduce the mobility of the injected fluid relative to that of
oil or to increase the ratio of viscous to interfacial forces (i.e., capillary number).

The research on nanotechnology for oil recovery has shown potential, but the mecha-
nisms for oil recovery are not fully understood. This Special Issue of Nanomaterials, “Appli-
cation of Nanoparticles for Oil Recovery”, includes eight research articles that demonstrate
advances in the understanding of the behavior of nanoparticles during fluid flow in porous
media and give more knowledge of recovery mechanisms when using nanoparticles in oil
recovery. The research works presented here cover core flooding and microfluidic studies
of the injection of various nanoparticle suspensions (in water and together with other chem-
icals) for enhanced oil recovery (EOR), nanostabilized CO2 foam flooding, investigation
of stability of nanosuspensions under various conditions, and mathematical modelling of
injection processes of polymer with nanoparticles.

Studies on the use of surface-functionalized particles for special reservoir rock and
fluid properties and reservoir conditions might be the way forward for understanding the
oil recovery mechanisms involved. An article in this Special Issue by Bila and Torsæter [1]
investigated tertiary flooding of polymer-coated silica nanoparticles for oil recovery at high
temperature and high salinity. The flooding tests indicated incremental oil recovery of up
to 6% of the original oil in place (OOIP). Among the recovery mechanisms studied, the
change in rock wettability to more water-wet seemed to be most important.

The stability of nanoparticles is important for a successful application of nanofluids for
enhanced oil recovery. Hadia et al. [2] studied the stability of commercial silica nanoparti-
cles in combination with zwitterionic and hydrophilic silanes under high salinity and high
temperature conditions. The results showed thermal stability in synthetic seawater at 60 ◦C
for 1 month and accelerated stability analysis predicted that the modified nanoparticles
could remain stable for at least 6 months.The ability of the nanoparticles to alter rock
wettability was also studied. The results showed that the modified nanoparticles were able
to adsorb on rock surfaces and altered wettability to water-wet.

Previous research has shown that nanoparticles can increase the stability of surfactant-
based foams. Stable foams are especially important in processes where CO2 foam is
used to recover oil and in CO2 storage. The behavior of nanoparticle–surfactant foam
formulations is not well understood, and the experimental work by Alcorn et al. [3]
presents a pore-to-core-scale study of foam behavior. Snap-off was the most important foam
generation mechanism in high-pressure micromodels. It was also observed that foaming
solutions containing only nanoparticles generated very little foam. When nanoparticles
and surfactant were used together, foam generation and strength were not sensitive to the
nanoparticle concentration. The experiments with oil showed that the apparent viscosity
of foam was nearly three times higher than that in the experiments without oil. This was
due to the development of stable oil/water emulsions.

Nanomaterials 2021, 11, 1063. https://doi.org/10.3390/nano11051063 https://www.mdpi.com/journal/nanomaterials
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Davarpanah [4] presents a mathematical model for simultaneous injection of polymer-
assisted nanoparticles for calculation of an oil recovery factor. A sensitivity analysis is
provided to show the influence of formation damage in a nanoparticles–polymer solution
injection process. The study shows that large mobility ratio, high polymer concentration,
and more formation damage lead to increased recovery factor. The reason for this is that
the external filter cake is building up in this period and the subsequent injection of the
polymer solution thereby gives a better sweep efficiency and higher oil recovery.

The stability of a nanoparticle suspension at reservoir conditions is still creating un-
certainty in the evaluation of nanoflooding processes. Li et al. [5] studied the effect of
nanoparticle treatment on the stability at reservoir conditions in the presence of reservoir
rock and crude oil. The stability was screened in test tubes at 70 ◦C and 3.8 wt. % NaCl.
Fumed silica nanoparticles in suspension with hydrochloric acid (HCl), polymer-modified
fumed nanoparticles, and amide-functionalized silica colloidal nanoparticles were studied.
The results showed that both HCl and polymer surface modification can improve nanopar-
ticle stability. It was also found that pH is important for nanoparticle stability. Based on
the results in this study, a stabilizer and/or nanoparticles modification are necessary for
EOR application.

The experimental study by Rueda et al. [6] showed the effect of adding nanoparticles
in biopolymer flooding. The tests were performed in water-wet microfluidics setup using
xanthan gum and scleroglucan, as well as silica-based nanoparticles in a secondary flooding
mode where the capillary number was kept constant. The reference nanofluid flood resulted
in higher ultimate oil recovery than similar floods with xanthan gum, scleroglucan, and
brine. When adding nanoparticles to the biopolymer solutions, nano-xanthan flooding
achieved the highest oil recovery. A reduced polymer adsorption in the nano-xanthan
flooding may explain the improvement in the sweep efficiency and recovery factor.

Aadland et al. [7] conducted core flood and microfluidics experiments with fluids con-
taining cellulose nanocrystals (CNCs) and 2,2,6,6-tetramethylpiperidine-1-oxyl (TEMPO)-
oxidized cellulose nanofibrils (T-CNFs). Both particles were mixed in brine, and the oil
recovery was compared with standard water flooding. CNCs produced 5.8% more of
the original oil in place (OOIP) than pure brine flooding. The effect of injection scheme,
temperature, and rock wettability was also investigated for both the CNC injection and
brine injection, and CNC performed better than pure brine in all cases. The study of T-CNFs
showed that these particles were even more effective than CNCs. However, the injectivity
gradually deteriorated, and work is ongoing to solve this problem.

Rezaei et al. [8] investigated the effect of the pore throat size distribution on oil recovery
by surfactant–nanofluid injection. Interfacial tensions and contact angles were measured to
determine the optimum concentrations of an anionic surfactant and silica nanoparticles
for core flooding experiments. The results of relative permeability tests showed that the
pore throat size distribution affected the endpoints of the relative permeability curves,
and a large amount of unswept oil was recovered by the flooding surfactant and silica
nanoparticles. The results of the core flooding tests indicated that the injection in tertiary
mode increased the post-water flooding oil recovery by up to 2.5% for carbonate core plugs
with homogeneous pore throat size distribution and 8.6% for cores with heterogeneous
pore throat size distribution.
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Abstract: Laboratory experiments have shown higher oil recovery with nanoparticle (NPs) flooding.
Accordingly, many studies have investigated the nanoparticle-aided sweep efficiency of the injection
fluid. The change in wettability and the reduction of the interfacial tension (IFT) are the two most
proposed enhanced oil recovery (EOR) mechanisms of nanoparticles. Nevertheless, gaps still exist in
terms of understanding the interactions induced by NPs that pave way for the mobilization of oil.
This work investigated four types of polymer-coated silica NPs for oil recovery under harsh reservoir
conditions of high temperature (60 ◦C) and salinity (38,380 ppm). Flooding experiments were con-
ducted on neutral-wet core plugs in tertiary recovery mode. Nanoparticles were diluted to 0.1 wt.%
concentration with seawater. The nano-aided sweep efficiency was studied via IFT and imbibition
tests, and by examining the displacement pressure behavior. Flooding tests indicated incremental oil
recovery between 1.51 and 6.13% of the original oil in place (OOIP). The oil sweep efficiency was
affected by the reduction in core’s permeability induced by the aggregation/agglomeration of NPs in
the pores. Different types of mechanisms, such as reduction in IFT, generation of in-situ emulsion,
microscopic flow diversion and alteration of wettability, together, can explain the nano-EOR effect.
However, it was found that the change in the rock wettability to more water-wet condition seemed to
govern the sweeping efficiency. These experimental results are valuable addition to the data bank on
the application of novel NPs injection in porous media and aid to understand the EOR mechanisms
associated with the application of polymer-coated silica nanoparticles.

Keywords: polymer-coated nanoparticles; core flood; EOR; interfacial tension; wettability alteration;
nanoparticle-stabilized emulsion and flow diversion

1. Introduction

Water flooding is the most widely used secondary fluid injection process into an
oil-bearing formation, after primary depletion, to improve oil recovery potential. Water is
pumped from injection wells, sweeping the oil in the reservoir pores, to the production
wells. In this course, water preferentially channels and flows through the high-permeability
zones, leaving behind a significant amount of displaceable oil in low permeability-bypassed
zones of the reservoir. The reservoir conformance problems manifest themselves or arise
due to the contrasts in reservoir fluid properties, heterogeneity of reservoir permeability,
fluid mobility contrast, etc. [1]. Moreover, during the productive life of an oilfield, these
problems cause the oil to be easily trapped by capillary forces and/or bypassed by the oil
recovery-drive fluid, resulting in excessive production of water and, therefore, resulting in
poor sweep efficiency. The conformance problems, coupled with the scarcity of new oil

Nanomaterials 2021, 11, 765. https://doi.org/10.3390/nano11030765 https://www.mdpi.com/journal/nanomaterials
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field discoveries are the most pressing reasons for the emergence of new oil recovery tech-
nologies, aiming to (i) extract about 50% of the original oil in place (OOIP) that is left in the
reservoir after primary and secondary recovery stages [2], (ii) increase oil production rates
from existing fields, and (iii) fill the gap between energy supply and demand worldwide.

Nanotechnology has shown great potential to solve some of the above problems and
increase profitability for the oil and gas companies.The building block of nanotechnology
is the nanoparticle and it operates at the nanoscale. Nanoparticles (NPs) are defined as
a collection of atoms bonded together with diameter size in the range of 1 to 100 nm [3].
Figure 1 illustrate a nanoparticle, it is composed of a core, the inner material, and the shell,
the outer layer. The core determines the properties of a NP, whereas the shell provides a
protective membrane and determines the solubility or binding affinity of the NPs with
other materials [4]. For oil recovery applications, NP is designed to be wetted by both
phases, thus be partly hydrophilic and partly hydrophobic [5]; together with the small
size and the large surface area, NPs can have a profound displacement effect on the oil
recovery-drive fluid.

Figure 1. Schematic of a nanoparticle, showing the core and the shell [4].

The small particle size confers excellent mobility properties; hence, NPs can propagate
deeply in the reservoir and increase oil recovery from thief zones and/or from bypassed
zones with little retention. With small size, NPs have a large surface area and thus, a large
contact area in the swept areas [6] and improved chemical reactivity properties. Therefore,
NPs are suitable candidates for changing the reservoir rock and fluid properties and aid in
the sweep efficiency of the injected fluid. In order to be successful for EOR applications,
nanoparticles must (i) be stable in high salinity, high temperature, and high pressure
reservoirs, (ii) propagate long distance between the injection and production wells with
little retention, (iii) adsorb on the desired critical sites of the reservoir, such as the oil/water
and fluid/rock interfaces, and (iv) prevent over-deposition on the pores [7].

One approach to achieving the above conditions and tailor the properties of NPs
to improve their sweep efficiency, especially in harsh reservoir environments, is to cova-
lently attach polymer molecules to the surface of the nanoparticles. The resulting novel
polymer-coated NPs have received a wide interest in the oil and gas industry due to their
improved solubility and stability, greater stabilization of emulsions and improved mo-
bility through porous media [8,9]. Few studies have reported such characteristics for oil
recovery. Rodriguez et al. [10] and Zhang et al. [11] reported that SiO2 NPs coated with
polymer molecules have a remarkable transport behaviour through reservoir pores of
various permeability with little retention due to their reversible adsorption on the rock
surface. Ponnapati et al. [12] experimentally found that polymer (Poly-(oligo(ethylen oxide)
monomethyl ether methacrylate)-modified SiO2 NPs could mobilise residual oil and yield
7.9% of the OOIP. Behzadi and Mohammadi [13] argues that polymer-coated silica NPs
can modulate oil/water interfacial tension and change the wettability of an oil-wet glass
micromodel to a more water-wet state, which can confer a greater EOR effect than un-
modified silica nanoparticles. Choi et al. [14] reported that grafting polymer shell layers

6



Nanomaterials 2021, 11, 765

on the surface of silica NP can improve stability in harsh reservoir conditions. Their core
flooding tests could achieve 74.1% of the OOIP with the modified NPs, which was quite
comparable to plain water flood (68.9%) and unmodified silica NP. The authors associated
the EOR effect to the NPs’ ability to decrease the injection pressure; the authors argued that
displacement pressure decrease is related to the formation of a wedge film between the oil
and the rock surface. More recently, Bila et al. [15,16], Bila and Torsæter [17] carried out
a series of flooding experiments with polymer-coated SiO2 NPs in Berea sandstone core
plugs. Their studies revealed an incremental recovery ranging from 2.6% to 14% of the
OOIP. Then authors found that the displacement efficiency of polymer-coated SiO2 NPs is
better in water-wet cores than that achieved with induced neutral-wet core plugs.

In summary, the application of NPs, at laboratory scale, have shown an incremental
recovery of oil ranging from 5 to 15% of the OOIP [3], the highest reach is 32% of the
OOIP [18,19]. The most frequent range has been 5% of the OOIP [20]. Obviously, oil
recovery by NPs is a complex phenomenon, partly because the reservoirs are unique
and have different characteristics. On the other hand, the variability of experimental
approaches in assessing the efficiency of nanoparticle recovery ends up with variable
results and variable interpretation of the causes of oil displacement.

Following the encouraging results, studies have demonstrated marvellous efforts to
understand the EOR mechanisms of nanofluid flooding. The change in reservoir wetta-
bility and the reduction of the interfacial tension are the two well accepted mechanisms
of NPs [20,21]. Nanoparticles can alter the reservoir’s wettability by (i) adsorbing on
the reservoir rock to develop a new surface roughness [22,23], destabilizing oil films and
desorbing it from the surface, and (ii) applying the structural disjoining pressure mecha-
nism [24]. The adsorption of charged NPs can change the reservoir’s wetting properties
by forming hydrogen bonds with water molecules, there on attracting water molecules to
the surface while lifting oil from it [18,25]. Further, the adsorption of NPs can reduce the
interfacial energy between the rock surface and the oil, which disrupts whatever molecular
attachment amongst the rock surface and the oil molecules attached to the surface [25].
Nanoparticles can also adsorb onto oil/water interface and decrease the interfacial tension
between the two phases. For this, the NPs form a mono-layer that replaces the existing
oil/water interface, acting as a mechanical barrier and bring the two phases together [26].
Moreover, depending on the hydrophobicity nature of NPs, they can irreversibly adsorb to
the oil/water interface. There, the formed denser layer of NPs can protect oil droplets from
flocculation and coalescence via steric mechanism to result in the stabilization of emulsion
droplets by nanoparticles [9,27]. These emulsions (Pickering emulsions) can travel through
the pores of the reservoirs with minimal retention and increase oil recovery [27].

Aside from the above mentioned mechanisms, NPs can block reservoir pore-throats
larger than their size and increase oil recovery via log jamming mechanism [28,29]. Nanopar-
ticles can increase the viscosity of EOR fluid and reduce the viscosity of the heavy oil,
which can be reflected in a favourable mobility of the displacing and displaced phases,
respectively, for oil recovery.

This work aims to expand our previous works remove the author’s name only [15,16] and
attempts to investigate the recovery mechanisms of polymer-coated silica NPs under harsh
reservoir conditions of high temperature and salinity. The goal is to provide additional
experimental results to the data bank on the nanoparticles for enhanced oil recovery
projects, while paving the way to improve our understanding of the underlying EOR
mechanisms associated with silica nanoparticles.

2. Experimental Materials and Methods

2.1. Nanoparticles and “Simulated” Seawater

Nanostructured products from Evonik Industries AG were used for oil recovery
experiments in this work. The nanostructured materials were supplied as special research
and development (R&D) laboratory products, hereafter simply referred to as nanoparticles.
They were supplied to us in small containers as AERODISP®, which is AEROSIL® particles

7



Nanomaterials 2021, 11, 765

in liquid solution as shown in Figure 2. They are spherical and amorphous products mainly
composed of silicon dioxide (SiO2 > 98.3%); additional components are aluminium oxide
(Al2O3) and mixed oxides (MOX). The surface of NPs were coated with Poly (methacrylate)
based molecules to improve dispersion stability and lower the hydrophilicity nature that
characterizes typical silica materials to form polymer-coated/functionalized nanoparticles.
Properties of the particles are given in Table 1. The size of the nanoparticles was measured
using the dynamic light scattering technique.

Figure 2. Concentrated aqueous solutions of silica nanoparticles.

Table 1. Properties of the aqueous solutions of silica nanoparticles.

Sample Basis Modification Conc., wt.% Size (nm) a Size (nm) b

NF-A SiO2 (sol-gel-cationic) Polymer 38.6 107 63
NF-B SiO2 (sol-gel-anionic) Polymer 26.0 32 38
NF-C SiO2/Al2O3/MOX Polymer 21.6 218 155
NF-D SiO2/Al2O3/MOX Polymer 25.5 145 135

a Average particle size in concentrated solutions (as received). b Average particle size measured with NPs diluted
to 0.1 wt.% with simulated seawater.

The simulated seawater was prepared with ions typical of sea water (Na+, Ca2+, Mg2+,
SO4

2+, K+, etc.), by mixing salts with distilled water, following the homogenization process.
The total of dissolved salts was 38,318 ppm. For oil recovery experiments, the concentrated
solutions of nanoparticles were diluted to 0.1 wt.% concentration with simulated seawater.
The resulting nanofluid solutions were stirred using a magnetic stirrer for at least 30 min to
prevent aggregation/agglomeration of particles. The properties of water and nanofluids
are given in Table 2, and were measured in our previous work [16]. The density and
viscosity were measured at 60 ◦C with an Anton Paar density meter DMATM 4100 M series
and Anton Paar Rheometer, respectively. The pH of the solutions was measured by a pH
Meter (model pH 1000 L, phenomenal®).

Table 2. Fluid properties measured at 60 ◦C.

Fluid Density (g/cm3) Viscosity (cP) pH

Seawater 1.008 0.53 7.97
Nanofluids 1.007–1.009 0.51–0.67 7.74–8.05

2.2. Non-Wetting Phase

Crude oil obtained from a field in the North Sea was used as the non-wetting phase,
it had a viscosity of 6 cP and 33 °API gravity at at 60 ◦C. The crude oil SARA (Saturates,
Aromatics, Resins, Asphaltenes) analysis is provided in Table 3. It is classified as a light oil
with asphaltenes content of 0.18 wt.%. It was filtered twice through a 5 μm Millipore to
remove suspended particles and preserve original composition. The density and viscosity
were measured with the same instruments used in Section 2.1. Normal decane with
density and viscosity of 0.73 g/cm3 and 0.92 cP at 20 ◦C, respectively, was used in the
wettability experiments.

8
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Table 3. Properties of the crude oil.

Property Value Unit

Saturates 71.57 wt.%
Aromates 20.81 wt.%
Resins 7.44 wt.%
Asphaltenes 0.18 wt.%
Density at 60 ◦C 0.87 g/cm3

Viscosity at 60 ◦C 6.0 cP
API gravity 33 deg

2.3. Preparation of Porous Medium

Eight core plugs were drilled from Berea sandstone block and prepared to have similar
diameter (3.75 cm) and length (10 cm). The bulk mineral composition was measured using
X-ray diffraction (XRD) on five core plugs. All samples were composed of 93.7 vol %
quartz, 5 vol % of Microcline (Alkali feldspar) and 1.3 vol % Diopside. They are classified as
homogeneous and strongly water-wet rocks. The cores were cleaned with methanol using
Soxhlet extractor and dried at 60 ◦C for ≈3 days. Porosity was measured by imbibition
method and permeability by Darcy’s law using a constant head permeameter, flowing
nitrogen gas through the core. The gas permeability obtained was then corrected for the
Klinkenberg effect to reflect the liquid’s permeability. The core properties are given in
Table 4.

Table 4. Properties of the rock core plugs.

Core Porosity, (%) Permeability, mD Pore Volume, mL Swi (%)

H1 17.61 332 19.25 24.66
H2 19.55 384 19.06 21.32
H3 17.40 361 19.22 16.24
H4 17.56 434 19.39 16.45
H5 16.70 460 19.83 17.81
H6 17.16 411 19.10 15.00
H7 17.61 425 19.25 14.00
H8 19.42 377 18.78 19.60

The cleaned and dried core plugs were saturated with reservoir simulated formation
water using a vacuum pump with a chamber pressure set at 100 mbar for three hours. Then,
the core plugs were soaked in the same water for at least 10 days to attain ionic equilibrium
with the rock constituents.

Primary drainage was conducted by injecting crude oil into the cores to displace the
water and set initial water saturation (Swi). Next, the cores with Swi were submerged in
metallic containers filled with the same crude oil used to displace the water and soaked
for seven months at 80 ◦C. The aim was to decrease the water wetness in the cores. The
aging time and the high temperature can break the water films on the surface, facilitating
the adsorption of polar components of crude oil. to change the rock wettability. The results
of the aging process are presented in Section 3.2.4 and show that wettability of the cores
has been changed from a strongly water-wet surface to a neutral-wet state.

2.4. Displacement Tests

Oil displacement tests were carried out at the reservoir temperature (60 ◦C) in aged
core plugs to determine the EOR potential of silica based nanofluids. A schematic of the
core flooding apparatus is shown in Figure 3. It is comprised of an injection pump, three
tanks each containing crude oil, water and nanofluid. The reservoir tanks were assembled
vertically inside an oven set at 60 ◦C. A check valve and back pressure regulator (set to
5 bars) were used to prevent any back flow of produced fluids and keep the system pressure
constant during the experiments. The core was loaded in the Hassler core-holder and
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oriented horizontally under confining pressure held within 18–22 bars. The crude oil was
injected at low rate (0.02 mL/min) to eliminate any air bubbles, until the temperature in
the reservoir stabilized at 60 ◦C. To simulate oil production of a reservoir: (i) conventional
water-flood was conducted at a constant reservoir flow rate, 0.2 mL/min, until there was no
oil production for 1-pore volumes (PVs). Next, the flowrate was increased ten-fold (bump
flood) for 1-PV in order to mitigate capillary end-effects, establish water flood residual oil
saturation and ensure that any production would result from the injection of nanofluid. (ii)
the injection was continued with nanofluids at the constant flow rate until there was no
more oil production at core outlet for ≈3-PVs; likewise, the bump flood was applied for
1-PV. To study the behaviour of the injection fluid flow through the pores, two pressure
sensors were connected at the entrance and exit of the core-holder; the differential pressure
of the fluid across the core was recorded using a computer.

Figure 3. Schematic diagram of core flooding experiment.

2.5. Interfacial Tension Measurement

Interfacial tension (IFT) is the most important property that characterises the interface
of two immiscible or partially miscible fluids that are in contact. Accordingly, it influences
the extraction of crude oil from reservoir pore spaces. Interfacial tension can be measured by
a variety of methods. A spinning drop method, SVT20N (Data Physics) video tensiometer,
was used in this work. The crude oil was injected drop-wise into a capillary tube filled
with water or nanofluid. Then, the apparatus was set a 60 ◦C and the tube rotated at a
speed held within 6000–8000 rpm until the equilibrium was reached; then, the static IFT
value was read off. The average refractive index of the continuous phases was 1.338.

2.6. Spontaneous Imbibition Tests

The spontaneous imbibition (SI) tests provide a qualitative measure of the ability of
the wetting-phase to displace the non-wetting phase under static conditions [30]. Generally,
the SI tests are performed in visual glass with graduated tube on top called Amott cell. An
oil-saturated core plug (at Swi) is place in the cell filled with water. Free-oil displacement
by water is expected to take place over a period of time. The produced oil is collected
on the top of graduated tube until equilibrium is reached. The dynamic imbibition is
established as cumulative oil production versus time to interpret the change in wettability.
In this work, the Amott water index (Iw) was also calculated to validate SI tests. At
equilibrium, the volume of oil produced by SI is Vo1. The remaining oil in the core was
forcibly displaced by injecting water; the produced oil is Vo2. The Amott water index is
calculated as: Iw = Vo1/(Vo1 + Vo2 ). The closer to 1.0 the Iw is, the strongly water-wet the
rock system is; smaller values of Iw indicate less water-wetting preference. It is worthy to
mention that the core plugs were injected with decane before and after the nanofluid-EOR
tests to set Swi; then the imbibition tests were followed. This procedure aimed to study the
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wetting conditions that can be achieved after the interaction between the NPs and crude
oil/water/rock system. The results are used to interpret oil displacement mechanisms of
polymer-coated silica NPs.

3. Results and Discussion

3.1. Nanoparticle’s Oil Recovery

Most oil reservoirs are characterised by high pressure, high temperature, high salinity
and an uneven properties [8,31,32]. Thus, EOR technologies must be designed to operate
nearly under identical conditions to provide realistic results. Presently, an attempt was
made in this direction, carrying out the EOR experiments at the reservoir temperature
of 60 ◦C, and dispersing the nanofluids in typical reservoir brine. The cores aged to less
water-wet state. A bump flood was applied at the end of the low rate flood to ensure that
any additional production would be a result of the nanofluid injection.

The oil recovery performance for the selected nanofluids is shown in Figure 4. Note
that each nanofluid sample was tested twice. Figure 4a,b show the oil displacement profiles
for the nanofluids with the smallest particle size (32 nm) and the largest particle size
(218 nm), respectively. The oil recovery from the water flood (WF) is given by the blue
curves, sequentially for (i) low rate (continued lines), and (ii) tenfold increase in flow rate
for 1 PV (dashed lines). Then, the nanofluid was injected targeting water flood residual oil
saturation. Likewise, the continued and dashed lines indicate the recovery of oil during
the low rate and the high rate, respectively. The water flood conducted over the aged
core samples exhibited an early water breakthrough, but accompanied with prolonged
periods of co-production of water and oil. This displacement behavior conferred a greater
oil recovery at the end of water flood, which is an agreement with previous studies [33,34].
The recovered oil, during the bump flood stage, seemed insignificant, except for the core
H3 with 3.73% of the OOIP. This oil production can be attributed to the capillary end-effects
and/or capillary stability. When capillary stability is not guaranteed during the low-rate
displacement stage, the oil can snap off and easily become trapped in the larger pores as
water saturation increases in the pores. These disconnected oil drops can be easily produced
by increasing the flowrate. Experimental tests suggest that the capillary end-effects are less
pronounced in intermediate rock systems [15,35], such as those used in this work.

(a) (b)

Figure 4. Effect of nanofluid injection on oil recovery during normal low rate and bump rate injections: (a) Sample NF-B:
Test#1 the first oil production occurred ≈1.8 PVs and the RF ≈ 0.5% OOIP; Test#2 produced ≈ 0.5% OOIP at 1 PV. (b)
Sample NF-C: Test #1 the oil production occurred at ≈2.2 PVs and the RF ≈ 2.3% OOIP; Test #2 the first production occurred
at ≈1.3 PV and the RF ≈ 0.3% OOIP.

It is important to note that the current results indicate that on a laboratory scale, any
EOR fluid must be performed after many pore volumes of water have been injected in
the cores at low rate to achieve capillary stability and establish an adequate residual oil
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saturation. With this procedure, if the EOR fluid is successful in the laboratory, it is more
likely to be successful in the field as well.

Nanofluid was injected to interact with the crude oil/rock/water system. The occur-
rence of oil at the exit of the core during the nanofluid injection stage was observed after
1 or 2 PVs (see Figure 4). This shows the time dependence of such interactions between
the NPs and the crude oil/water/rock system towards improving the microscopic sweep
efficiency of the oil-drive fluid. The interactions can be of particle adsorption type on the
crude oil/water/rock interfaces. There on, the NPs can decrease the interfacial energy and
change the wetting properties of the rock surface, and increase oil recovery. All results are
summarised in Table 5. The average recoveries are shown in Figure 5 for comparison with
the previous study. Total water flood oil recoveries varied in between 46.18% and 66.75%
of the OOIP. This variation can be due to saturation profiles, pore structures, viscosity ratio
and experimental errors. On average, 10-PVs of nanofluids were injected. This resulted in
an incremental recovery ranging from 1.51 to 6.13% of the OOIP. The twin core plugs pro-
duced comparable recovery factors and the differences are in the margin of experimental
error. The displacement efficiency (ED) evaluated by Equation (1) shows the effectiveness
of polymer-coated silica nanofluids in mobilising water flood residual oil at pore scale
under harsh reservoir conditions.

ED =
[
1 −

(Sor2

Sor1

)]
× 100% (1)

Here, the Sor1 and Sor2 is the residual oil saturation after water- and nanofluid-flooding,
respectively.

Table 5. Oil recovery factors (water- and nanofluid-flooding), expressed as % of the OOIP, and residual oil saturation
achieved at the end of core flooding in neutral-wet cores.

Water Flood Nanofluid Flood

Core Fluid RF1 RF2 RF Sor1 RF1 RF2 RF Sor2 RFt ED (%)

H1 NF-A 59.45 2.90 62.35 28.37 2.76 2.07 4.83 24.47 67.18 13.74
H2 57.33 0.67 58.00 33.05 1.73 0.00 1.73 31.68 59.73 4.13
H3 NF-B 49.63 3.73 53.36 39.07 2.05 1.24 3.29 36.32 56.65 7.06
H4 45.56 0.62 46.18 44.97 2.16 1.23 3.39 42.14 49.57 6.31
H5 NF-C 51.84 1.23 53.07 38.57 4.29 1.84 6.13 33.63 59.20 12.81
H6 52.88 0.92 53.80 39.43 2.82 0.50 3.32 36.61 57.12 7.17
H7

NF-D
66.45 0.31 66.75 28.67 1.20 0.30 1.51 27.37 68.25 4.53

H8 53.64 0.80 54.44 37.27 3.05 0.93 3.98 34.08 58.41 8.57

(a) (b)

Figure 5. Comparison of average oil recoveries from various nanofluid floods: (a) Water-wet cores [16], and (b) Neutral-wet
Berea core (present study).
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The temperature seemed to have minor influence on oil recovery in neutral-wet cores,
unlike in water-wet cores. Figure 5 illustrates the average oil recoveries for comparison
purposes obtained in water-wet and neutral-wet Berea cores conducted under similar
procedure and conditions. Figure 5 shows the nanofluid flooding results in water-wet
systems and were extracted from Bila et al. [16], while the current results are given by
Figure 5b and were calculated from Table 5. Clearly, the results indicate a superior oil
recovery behaviour in water-wet Berea sandstone with the injection polymer-coated silica
NPs. This may be associated with entrapping phenomenon in both rock systems during
water flooding stage. In water-wet rocks, water fills the smaller pores and retains a
considerable amount of the oil in the larger pores, which is amenable to EOR process. In
contrast, neutral-wet cores tend to recover considerable amount of oil, despite the early
water breakthrough. In addition, oil is trapped in the smallest pores and the residual oil
saturation would resist mobilisation.

Aside from the temperature, the size of the nanoparticles seemed to influence the
displacement efficiency; largely due to stability issues. Particularly, samples NF-C and
NF-D with the largest particle size aggregated at core entrance during the EOR experiments.
This resulted in physical filtration and the formation of nanoparticle “cake”, shown in
Figure 6. This was also observed in our previous work [16] but with water-wet Berea
core plugs. However, the resultant layer of NPs appeared noticeably thicker in water-wet
rocks, resulting in higher displacement pressures than in neutral-wet rock systems. This
may indicate that polymer-coated NPs are more effective in improving the fluidity of the
particles through neutral-wet Berea pores than in water-wet Berea pores.

Figure 6. Physical filtration and formation of nanoparticle “cake” at core inlet during nanofluid
flooding.

3.2. Mechanisms behind EOR by Nanoparticles

3.2.1. Effect of Nanoparticles on Viscosity of Injection Water

Together with interfacial tension, the viscosity provides a qualitative measure of how,
and to what extent, oil will flow through porous media [36]. The research have reported
tremendous increase in the viscosity of the injection fluid in the presence of NPs, which
can significantly improve oil sweep efficiency. The size and concentration of the NPs are
the main parameters that affect the viscosity of the injection water [8,25]. An increase
in the viscosity of injection fluid is reflected in the mobility of adjacent fluid molecules
around the nanoparticles. For instance, highly concentrated nanofluid can give a uniform
displacement front [12,25], which is favourable for increasing oil sweep efficiency.

In the present work, nanoparticles at 0.1 wt.% had negligible effect on the viscosity of
injection seawater. The viscosity of the nanofluids varied from 0.51 to 0.67 cP compared to
0.53 cP of reference injection water. Hence, neither the concentration of polymers, as coating
materials, nor the concentration of NPs was enough to generate a significant viscosity
change in aqueous solution. The results lead to a similar conclusion to the previous study
by Metin et al. [37], where low concentrations (≤5 wt.%) of NPs have been shown not
to affect aqueous viscosity. Therefore, we expect oil recovery to be largely influenced by
factors other than viscosity.
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3.2.2. Reduction in Interfacial Tension (IFT)

Normally, NPs are designed to be wetted by both phases, thus being partly hydrophilic
and partly hydrophobic, to allow for a better reduction in IFT [5] and decrease capillary
forces. At low capillary forces, the dynamic displacement lengthens the oil droplets within
the pores; then the oil drops break into smaller ones to flow within the waterbed to the
production wells.

Bila et al. [16] showed that IFT measurement with the Pendant drop method would
not provide reliable results because, at high temperature, the polymer-coated SiO2 NPs
were attracted to the oil/water interface (see Figure 7a). From then on, making nanofluid
solutions opaque before settlement due to gravity forces. Therefore, in this work, the IFT
was obtained by analyzing the surface of the oil droplet immersed in a rotating capillary
tube using a high-resolution camera and image analysis software. The use of a small
volume of fluids in the capillary tube and the speed of rotation probably hindered the
formation of large NP aggregates, allowing the measurement of IFT. At the equilibrium,
IFT values obtained by the spinning drop method are given in Figure 7b as a function NP
size.

(a) (b)

Figure 7. Dynamic measurement of the IFT between crude oil and nanofluids (0.1 wt.%): (a) Pendant
drop method: Crude oil drop on top of a J-shape syringe needle at 20 ◦C (top) and at 60 ◦C (bottom).
At 60 ◦C , the nanoparticles self-assembled onto the oil/water interface [16]. (b) Variation of the IFT
measured with Spinning drop technique (at 60 ◦C) with nanoparticle size.

The IFT between crude oil and water, at 60 ◦C, was 10.3 mN/m [16]; in the presence of
NPs, IFT decreased to 6.5 to 2.9 mN/m. Furthermore, Figure 7b shows that the reduction
is dependent on the size of the nanoparticles. The smallest NPs tend to exhibit a high
affinity capacity to adsorb at the interface, coming into contact with a large surface area;
consequently, the NPs had the largest IFT reduction compared to the larger particles.
For example, the NF-B sample with the smallest size (32 nm) reduced the IFT by 71.8%
compared to the 36.9% reduction by the largest NF-C sample. This can be associated with
the increase in repulsive forces between the smallest NPs, resulting in a greater disjoining
pressure between the two-phase molecules [38]. In addition, the IFT reduction can be due
to the surface-active polymer molecules surrounding the surface of the NPs that provide
steric repulsive forces and stabilization of the NPs suspension. Comparing the results of the
IFT data from previous studies at room temperature [15,17], for the same NPs, the greatest
IFT reduction is achieved at elevated temperature. This indicates that the wetting properties
and the binding energy of the NPs to the oil/water interface increase with temperature. This
has been attributed to the intensification of Brownian motion, which increases the particle
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collision and reduces intermolecular interactions between oil/water [26]. However, the
displacement of oil at elevated temperature still has a multiple effect on IFT, the formation
of aggregates/agglomerates of NPs, the loss of NPs at the interface and the inhibition of
NPs from performing their designated surface functions at the interfaces compete for poor
performance of nanoparticles.

According to Sheng [39], significant oil recovery is achievable by reducing IFT to an
ultra-low value of 10−3 mN/m. However, the reduction in IFT, even below the critical
value, can still play a significant role in EOR; can alter the distribution of oil in the pores [40],
can contribute to the generation and stabilization of emulsions by nanoparticles [8].

3.2.3. Formation of Emulsions Stabilized by Nanoparticles

A reduction in interfacial tension can create favorable conditions for the generation
and stabilization of emulsion during the process of oil recovery by nanofluids. This premise
was studied by increasing injection flow rate at the end of low rate injection. High flow
rate can provide an extra energy necessary to break up oil phase and allow for NPs to
adsorb to the fluids interface [41], thus generating emulsions. The produced core flooding
effluent was then visualised using a high-resolution microscopic camera; the magnified
images of the flooding effluent are presented in Figure 8. The images illustrate oil drops
dispersed in aqueous solution in the presence of nanoparticles, indicating that residual oil
was produced as oil-in-water emulsions.

(a) (b)

Figure 8. Visualisation of oil-in-water emulsion droplets from core flood effluent: (a) 20× magnification image, and (b) 50×
magnification image.

In Figure 8, the adsorption of silica NPs seemed to create a rigid layer on the surface of
the oil droplet, temporarily stabilising oil droplets against flocculation and coalescence via
steric mechanism in the aqueous phase. The size distribution of the generated emulsions
was not determined to compare with pore-throat sizes; however, Arab et al. [42] explain
that oil drops created and stabilized by tiny NPs are small and possess a considerably
lower viscosity than oil drops. Herewith, nanoparticle-stabilized emulsions, owing to their
small size, can travel more easily through tiny reservoir rock pores with minimal retention,
improved kinetic stability and negligible gravitational separation, resulting in increased
oil recovery [8,23,26,43]. This profile mechanism (stabilisation of emulsions) probably
occurred thanks to the polymer shells, as they temporarily prevented the coalescence of
the oil drops. The phase separation of water and oil occurred approximately half an hour
in the separator flask; the separated volumes were measured after two days.

The images showed in Figure 8 refers to emulsions generated in-situ by samples NF-A
and NF-B; in contrast, samples NF-C and NF-D with the lager particle size generated
weak emulsions. Among other factors, this shows that nanoparticles in the aggregate state
are weak emulsifying agents. This has been attributed to either the kinetics of particles
adsorption to the oil/water interface, being reduced by the presence of aggregated particles
or networks, thus hindering the formation of emulsions [44].
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3.2.4. Change in Rock Wettability and Surface Roughness

Nanoparticles target improving oil recovery by changing the surface roughness of
the reservoir pores and thus altering its wettability to more water-wet state. The degree
of water-wetness that can be achieved largely depend on how the NPs affect the crude
oil/brine/rock properties [30]. Presently, we conducted spontaneous imbibition (SI) tests
to evaluate such interactions induced by nanoparticles after nanofluid oil recovery experi-
ments. In SI tests, the water will imbibe in the reservoir pores and displace the oil, if the
reservoir is likely water-wet, as it has a positive capillary pressure [30]. The results of SI
tests are presented in Figure 9. Prior to nano-EOR tests, the cores were aged 7 months
in crude oil; post aged core wettability was evaluated by SI using one core plug. The
lower curve, in Figure 9, shows the water imbibition performance in the aged core; there
was no appreciable oil production before 10 days. Its Amott wettability index was −0.08,
indicating neutral-wet condition. Additional cores aged under similar conditions were
used for recovery tests, assuming that they retained the same neutral-wettability. After
nanofluid core flood ceased production, the wettability alteration due to the adsorption of
NPs was investigated. Figure 9 shows the cumulative oil production by water imbibition as
a function of time. Depending on the particle size and particle retention in the pores, rock
pore size distribution, etc., varied water imbibition profiles were achieved, but all showed
an improved rate of water intake. That is, the water spontaneously invaded the rock pores
and displaced the oil significantly, shortly after the placement of the core in the Amott cell.
In contrast to the reference core where the oil production by water imbibition occurred
from the tenth day, and reached stability 5 days later; thereafter, no oil production was
observed. Part of the initial oil production of the aged core was the oil strongly attached to
its surface after aging process. The jump in oil recovery, at 120 h, is because the cell was
slightly shaken. In Figure 9, cores H2 and H4 were treated/injected with samples NF-A
and NF-B, respectively. Its imbibition curves indicate superior oil recovery behavior by
SI compared to other; this predicts the greater ability of the NPs to change oil-wet pores
to water-wet state and increase oil recovery in a timely manner. It is worthy to mention
that NF-A and NF-B had the smallest NP size and were stable throughout the duration of
nanofluid flooding experiments. Therefore, with small size, NPs could contact most of the
pore spaces to change its wettability.

Figure 9. Spontaneous imbibition curves, before and after nanofluid core flooding.
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In Figure 9, we see that greatest recovery of oil occurred within 40 h; after 40 h, an
increase in oil recovery was observed. This indicates that the wettability was changed
with time, in some parts of the pores, due to the nanoparticles. At equilibrium, the Amott
water index (Iw) was determined and varied from 0.67 to 0.77. The rate of SI and the
Iw, both indicate an alteration in core wettability to increasing water-wet condition. The
capillary pressure that was negative in oil-wet pores was changed to positive values due
to adsorption of NPs, which led to a stronger water imbibition in smallest pores. These
results are in line with our previous study [15], and validate the ability of polymer-coated
silica nanoparticles to alter the wettability of the rock to favor EOR process.

The mechanism behind the wettability alteration in oil-wet surfaces is still com-
plex. However, it is probably associated with the adsorption of silica NPs to the crude
oil/water/rock interfaces due to the attractive forces originating from dipole-dipole in-
teractions [18,25] and structural disjoining pressure. These interactions can develop new
surface roughness [23], decrease interfacial energy between the rock surface and the water
[25], and destabilise oil films attached on the surface. Consequently, water-wet surfaces are
created in the pores and greater capillary pressure ensures greater efficiency in oil recovery
by nanoparticles.

3.2.5. Nanofluid Displacement Pressure

To better understand the mechanisms of oil recovery by nanofluids, dynamic curves
of the pressure difference through the core plugs were recorded and analysed. The premise
is that nanofluids can change the flow pattern or the pore volume available for flow; for
this, the resulting differential pressure must be greater than the water flood pressure.
Under these conditions, mobilization of residual oil can occur through so-called log-
jamming effect.

Figure 10 shows the change in the flow pattern of the displacement pressure due
to nanoparticles. While Figure 10a,b exhibit a slight change in water flood pressure,
Figure 10c,d show a notable influence of NPs on the displacement pressure. The pair of
the cores flooded with NF-B (Figure 10a,b) exhibited an injection pressure pattern similar
to that of cores injected with the NF-A sample; the small size and dispersion stability of
both samples (NF-A and NF-B) can be the reasons behind the negligible effect on the water
flood displacement pressure. Furthermore, it suggests that both NF-A and NF-B samples
can propagate through the pores and assist in oil recovery even in the smallest pores.
The transport properties of nanoparticles were probably improved by the surface coating
materials (polymer molecules), as they can eliminate electrostatic interactions between NPs
and oil-wet surfaces [10,11]. The observed pressure profile mechanism during NP injection
is consistent with the generation of in-situ emulsions. The propagation of NPs in smaller
pores would release the oil from the surface to flow into the water bed and improve the
relative permeability to the oil.

In contrast to samples NF-A and NF-B injection, there was a noticeable increase in
water injection pressure when nanofluids with the largest particle size (NF-C and NF-D)
were injected into the cores. In that case, the pressure gradually increased up to a point;
there, it started to fluctuate (see Figure 10c,d). This displacement pressure pattern is a direct
evidence of pore channel plugging. The NPs were partially transported through the pores,
while others were retained, blocking the pores and forcing injection water to flow through
through the bypassed pores. The diversion of water flow can create additional pressure in
the adjacent pores; if the pressure is high enough to generate enough capillary numbers,
the bypassed oil can be mobilized to the production wells and increase oil recovery. This
displacement mechanism has been reported in the literature [28,29], and in most cases
controls the oil displacement in water-wet cores [16,45,46].

Figure 6 shows the formation of NP “cake” as a result of aggregation/agglomeration
of samples NF-C and NF-D at core inlet. The “nano-cake” is an evidence that the primary
blockage occurred at the entrance of the core, followed by filtration of smaller NPs in
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response to the applied displacement pressure. Therefore, this phenomenon can be the
main reason for the pressure and may not reflect oil recovery by the log-jamming effect.

(a) (b)

(c) (d)

Figure 10. Pressure profiles for water flood (WF) and nanofluid flood oil recovery. (a) Test #1:
Nanofluid “NF-B” injection showing little effect on water flood pressure; (b) In repeated Test #2,
the pressure shows a slight increase compared to WF pressure; (c) Test #1, the pressure gradually
increases with nanofluid “NF-C” and is higher than WF pressure; and (d) Similar behavior is observed
in Test #2.

Inspecting the magnitude of the pressure increase due to NPs in Figure 10, it seems
insufficient for the viscous forces to dominate the displacement process over the capillary
forces, therefore, in this work, the flow diversion mechanism cannot fully explain the EOR
effect due to the injection of nanoparticles.

4. Conclusions

This work presents the results of the influence of polymer-coated silica nanoparticles
to enhance oil recovery at harsh reservoir conditions of high temperature and high salinity.
This included an investigation of the effect of nanoparticle interactions on the crude
oil/water/water interfaces, in order to understand the phenomenon of oil recovery. On
the basis of the experimental results, the following conclusions can be drawn:

• Polymer-coated silica nanoparticles have shown a strong ability to increase oil recovery
after water flooding. The increment recovery was up to 6% of OOIP;

• The nanoparticles can reduce the oil/water interfacial tension at a concentration as
low as 0.1 wt.%. The smallest nanoparticle size were more efficient in reducing tension
due to the large contact area;

• The flooding experiments indicated that oil was produced as oil-in-water emulsion
droplets; these emulsion droplets were stabilized by the nanoparticles.
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• The adsorption of nanoparticles in oil-wet pores can reverse the negative capillary
pressure to positive values and change the wettability to water-wet condition;

• The size of nanoparticles and the formation of large aggregates within the pores were
observed to increase displacement pressure, resulting in poor oil recovery efficiency;

• Different oil displacement mechanisms, such as reduced IFT, change in wettabil-
ity, generation of in-situ emulsions and change log-jamming effect can explain the
oil recovery phenomenon of polymer-coated silica NPs in intermediate reservoirs.
However, the wettability alteration to a more water-wet seemed to govern the oil
displacement process.

This paper reveals the potential application of polymer coated silica NPs for oil re-
covery. Future studies must be directed to improve the stability of the nanoparticles.
In addition, studies should also focus on characterizing the charge on the rock surface,
the effect of nanoparticles bonding with coating materials (i.e., surface activity and reac-
tivity) to predict their interactions with fluids and rock system during the oil recovery
process and probably to determine the contribution of the components involved in the oil
recovery process.
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Abstract: The stability of nanoparticles at reservoir conditions is a key for a successful application of
nanofluids for any oilfield operations, e.g., enhanced oil recovery (EOR). It has, however, remained
a challenge to stabilize nanoparticles under high salinity and high temperature conditions for
longer duration (at least months). In this work, we report surface modification of commercial
silica nanoparticles by combination of zwitterionic and hydrophilic silanes to improve its stability
under high salinity and high temperature conditions. To evaluate thermal stability, static and
accelerated stability analyses methods were employed to predict the long-term thermal stability
of the nanoparticles in pH range of 4–7. The contact angle measurements were performed on
aged sandstone and carbonate rock surfaces to evaluate the ability of the nanoparticles to alter the
wettability of the rock surfaces. The results of static stability analysis showed excellent thermal
stability in 3.5% NaCl brine and synthetic seawater (SSW) at 60 ◦C for 1 month. The accelerated
stability analysis predicted that the modified nanoparticles could remain stable for at least 6 months.
The results of contact angle measurements on neutral-wet Berea, Bentheimer, and Austin Chalk
showed that the modified nanoparticles were able to adsorb on these rock surfaces and altered
wettability to water-wet. A larger change in contact angle for carbonate surface than in sandstone
surface showed that these particles could be more effective in carbonate reservoirs or reservoirs with
high carbonate content and help improve oil recovery.

Keywords: enhanced oil recovery; nanotechnology for EOR; nanoparticles stability; reservoir condition

1. Introduction

Stages of oil recovery from petroleum reservoirs typically include primary, secondary,
and tertiary recoveries processes. After primary (due to natural pressure energy of the
reservoir) and secondary recovery (typically water or gas injection to maintain reservoir
pressure) processes become uneconomical, tertiary recovery (also known as enhanced
oil recovery (EOR)) methods are employed to improve oil recovery. In EOR, properties
of reservoir rock and fluids and their interactions are altered to favorable conditions to
mobilize residual oil trapped in oil reservoirs [1]. Two common EOR processes include
thermal EOR and chemical EOR methods. In thermal EOR, heat energy is applied to the
reservoir, usually by hot water or steam injection, to reduce the viscosity of oil and thus
increase its mobility [2]. In chemical EOR methods, chemicals such as alkalis, polymers,
and surfactants are injected into reservoirs to create favorable crude oil/brine/rock in-
teractions to increase displacement and sweep efficiencies. Polymers such as hydrolyzed
polyacrylamide (HPAM) and xanthan gum are commonly used to increase the viscosity of
injection water and thus improve oil/water mobility ratio for effective displacement of oil
by water [3]. Surfactants are primarily used to lower the interfacial tension (IFT) between
oil and water and thus decrease capillary forces to mobilize trapped oil at pore throats [4].
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These chemicals, however, tend to degrade and therefore loose its effectiveness under
high temperature and high salinity conditions usually present in oil reservoirs. Moreover,
a significant portion of the injected chemicals adsorb on the rock surfaces which leads to
loss of these chemicals and eventually increases the project costs. These specially designed
formulations of polymers and surfactants for harsh reservoir conditions are costly and
make chemical EOR projects economically less viable. One of the ways to reduce the
cost associated with chemical EOR is to replace or combine expensive with cheap and yet
effective materials or chemicals. In this regard, nanotechnology may prove to be promising
due to rapid progress and advancements in novel nanomaterials for various industries
ranging from biomedical to personal care to oil and gas.

In recent years, nanotechnology is gaining increasing attention in oil and gas industries.
Many research articles have provided a comprehensive overview on potential applications
of nanotechnology in this area [5–9]. For EOR applications, at laboratory scale, nanopar-
ticles were studied as performance improvers for polymer [10,11] and surfactant [12,13]
flooding processes, wettability modifiers [14–18], emulsion stabilizers [19–22], etc. Among
various types of nanoparticles, silica nanoparticles (SNP) are extensively studied for EOR
applications. For a successful EOR application, a long-term colloidal stability of nanopar-
ticles in harsh reservoir conditions is very crucial. The nanoparticle dispersions tend to
lose colloidal stability under high salinity and high temperature conditions due to van
der Waals forces and formation of aggregates over time. The stability of nanodispersions
can be improved by electrostatic or steric stabilization mechanisms [23] to make them
suitable for EOR applications. Recently, (3-glycidyloxypropyl) trimethoxysilane (GLYMO),
a hydrophilic silane, has been proposed by many researchers to stabilize nanodispersions
in hostile environments [24–27]. Worthen et al. [24] compared silica nanoparticles of 7–20
nm size stabilized by three types of nonionic ligands namely, GLYMO, polyethylene glycol
(PEG), and zwitterionic sulfobetaine (SB) in seawater and American Petroleum Institute
(API) brine. Their results showed that GLYMO and SB ligands were able to stabilize nan-
odispersions up to 80 ◦C for over 30 days in pH 3.5 API brine. The stability at pH > 3.5 is not
reported. GLYMO also provided colloidal stability for 3 days even at 120 ◦C. Jang et al. [25]
achieved colloidal stability of silica nanofluid up to salinity of 20% at 90 ◦C by modifying
silica nanoparticles with GLYMO. Their wettability tests on oil-wet carbonate rocks showed
effective wettability alteration to neutral- and water-wet by modified silica nanofluids.
Griffith and Daigle [26,27] have shown that GLYMO-modified silica nanoparticles helped
stabilize oil-in-water Pickering emulsions.

Wettability of reservoir rocks is a crucial parameter that controls oil production and
affects the oil recovery during waterflooding. Oil recovery from oil-wet reservoirs, e.g.,
carbonates, is generally lower than intermediate- or water-wet reservoirs [17,28]. In water-
wet reservoirs, at a given oil saturation, the oil occupies larger pores and water relative
permeability is lower, which results in higher oil recovery. In oil-wet reservoirs, the water
breaks through early and makes waterflooding uneconomical due to increased water-cut
after breakthrough. Wettability also affects the oil recovery from heterogeneous reservoirs
with zones of high and low permeability. In the case of water-wet rocks, water easily
imbibes into low permeability zones, thus less bypassing occurs and oil recovery increases.
In oil-wet rocks, water cannot spontaneously imbibe into low permeability zones due to
high capillary forces, thus bypassing low permeability zones and hence lower oil recovery.
To improve oil recovery from such oil-wet reservoirs, it is necessary to alter the wettability of
rock surfaces to intermediate- or water-wet. Surfactants are traditionally used as wettability
modifying agents for oil-wet reservoirs. Different types of surfactants have been studied to
alter the wettability of oil-wet reservoirs [29–32]. During surfactant flooding, the surfactant
molecules adsorb on the rock surface by various mechanisms and render it water-wet.
The mechanism of adsorption depends on the type of surfactant, e.g., anionic, cationic, or
non-ionic [33].

Recently, nanoparticles have been extensively studied for their potential to alter the
wettability of rock surfaces. Xu et al. [14] formulated an ultra-low interfacial tension
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(IFT) nanofluid consisting of surfactant and silica nanoparticles for very low permeabil-
ity (0.2–0.3 mD) reservoirs. Their wettability experiments demonstrated that the silica
nanoparticles could effectively alter the wettability of the rock, making it become more
water-wet with increasing silica nanoparticle concentration. Bayat et al. [15] used alu-
minum oxide (Al2O3), titanium dioxide (TiO2), and silicon dioxide (SiO2) nanoparticles to
study the adsorption and the resulting wettability alteration of limestone surface at differ-
ent temperatures. The results showed wettability change of intermediate-wet limestone to
water-wet due to adsorption of nanoparticles on the surface. Maghzi et al. [16] performed
experiments to study the effect of adding silica nanoparticles to a polymer solution on
heavy oil recovery in a five-spot glass micromodel. Based on oil recovery and contact angle
measurements, they concluded that adding silica nanoparticles to the polymer solution
changed the glass surface from oil-wet to water-wet and resulted in 10% higher oil recovery
than by polymer flooding only. Al-Anssari et al. [17] also found that silica nanoparticles
have the ability to alter the wettability of calcite surfaces from oil-wet to strongly water-wet
by irreversible adsorption. Recently, Kanj et al. [18] developed a carbon nanofluid system
for EOR application in high temperature and high salinity carbonate reservoirs. Their
contact angle experiments showed effective wettability alteration of carbonate rock surfaces
from oil-wet to water-wet.

In this study, we report functionalization and surface modification of commercial col-
loidal silica nanoparticles for high salinity and high temperature conditions. We compared
the long-term stability of GLYMO-, SBS-, and GLYMO-SBS-modified nanodispersions
at high temperature by static and accelerated stability analyses methods. The acceler-
ated stability analysis simulated long-term stability in shorter period by subjecting the
samples to centrifugal force and therefore predict the stability duration. Finally, contact
angle measurements were performed in high salinity conditions on neutral-wet sandstone
and carbonate rock surfaces to wettability alteration capability of the nanoparticles and
therefore its suitability for EOR applications. The results showed that the GLYMO-SBS
modified nanodispersion exhibited excellent stability in high salinity brines at 60 ◦C for at
least 6 months and altered the wettability of neutral-wet sandstone and carbonate rocks
to water-wet.

2. Experimental

2.1. Materials

Levasil OF50, an aqueous dispersion of colloidal silica (solid content 15 wt%, specific sur-
face area 500 m2/g, pH 10) was supplied by Nouryon Asia Pte Ltd., Singapore. The particles
were used as received for further modification. The average DLS (dynamic light scattering)
size of the particles was about 22 nm. Moreover, [3-(N,N-Dimethylamino)propyl]trimetho-
xysilane (>96.0%(GC), TCI), 1,3-propanesultone (≥99%, New York, NY, USA, Sigma-
Aldrich), acetone (99.8%, Extra Dry, Acros Organics, Geel, Belgium), acetic acid (glacial,
≥99.8%, Sigma-Aldrich, New York, NY, USA), and (3-glycidyloxypropyl)trimethoxysilane
(GLYMO, ≥98%, Sigma-Aldrich, New York, NY, USA) were used as received.

Two types of brines, synthetic seawater (SSW) and 3.5% NaCl, were prepared by
dissolving different salts in ultrapure water followed by vacuum filtration using 0.22 μ

filter. The composition of SSW is given in Table 1. Berea, Bentheimer, and Austin Chalk
rock samples (Kocurek Industries, Caldwell, TX, USA) of dimensions 20 × 10 × 5 mm3

were used for contact angle measurements. The mineral composition of the rock samples
measured by X-ray diffraction (XRD) is shown in Table 2. A stock tank light crude oil
(density: 0.852 g/cc; viscosity: 2.43 mPa·s at room temperature) was used for saturation
and aging of rock samples and contact angle measurements. The saturates, aromatics,
resins, and asphaltenes (SARA) composition of the crude oil was 38.5%, 56.1%, 5.3%, and
0.1%, respectively.
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Table 1. Composition of synthetic seawater.

Salts Concentration (g/L) Salts Concentration (g/L)

NaCl 27.03 MgCl2·6H2O 11.23
CaCl2·2H2O 1.76 Na2SO4 4.81

Table 2. Mineral composition of rock samples by XRD.

Mineral, % Berea Bentheimer [34] Austin Chalk

Quartz 90.87 99.0 –
Albite 0.89 – –

Sanidine 0.46 – –
Muscovite 3.75 – –
Kaolinite 1.92 0.7 –

Rutile – 0.3 –
Clinochlore 0.97 – –

Dolomite 1.13 – –
Calcite – – 100

2.2. Methods

2.2.1. Synthesis of 3-(Dimethyl(3-(Trimethoxysilyl)Propyl)-Ammonio)Propane-1-Sulfonate (SBS)

The synthesis of zwitterionic silane, SBS, was adapted from Estephan et al. [35]. In a
100-mL Schlenk flask, 8 g of [3-(N,N-dimethylamino)propyl]trimethoxysilane was diluted
with 40 mL of anhydrous acetone under argon. Then, 3.4 mL of 1,3-propane sultone was
subsequently added using an argon-purged syringe. The reaction mixture was stirred
vigorously for 6 h. White precipitate was then collected through filtration, and then washed
with acetone for three times. The collected solid was immediately vacuum dried for 24 h
and stored under argon before use.

2.2.2. Surface Functionalization of Silica Nanoparticles

For synthesis of surface-functionalized colloidal silica referred as OF50-M, as illus-
trated in Figure 1, 8 g of OF50 was added to a 20-mL vial. SBS (150 mg, 0.46 mmol) and
GLYMO (150 μL, 0.68 mmol) were added to the colloidal dispersion under vigorous stirring.
After the opaque liquid turned transparent, the mixture was stirred at 200 rpm for 24 h at
room temperature. The modified silica nanodispersions were then diluted to 1 wt.% using
3.8% SSW or 3.5% NaCl, and the pH was adjusted to about 4 using glacial acetic acid.

Silica nanoparticles in the form of dry powder were prepared for chemical analysis.
Pristine OF50 (OF50-UM) was diluted to ca. 5 wt.% with ultrapure water and centrifuged
at 14,000 rpm (AllegraTM 25R Centrifuge Beckman Coulter) for 2 h. The collected solid
was washed twice with water, rinsed with methanol once, and dried under vacuum at
room temperature for 2 days. OF50-M was dialyzed in DI water for 1 week using a
dialysis membrane (Spectra/Pro®7 MWCO 50 kD). The purified sample was subjected to
similar centrifugation and washing procedure for attaining the pure solid. Similar to the
modification protocol for OF50-M, two control samples, OF50-C1 and OF50-C2, were also
prepared by functionalizing solely with SBS and GLYMO, respectively.
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Figure 1. Synthesis of 3-(dimethyl(3-(trimethoxysilyl)propyl)-ammonio)propane-1-sulfonate (SBS) and surface modification
of Levasil OF50 using SBS and (3-glycidyloxypropyl) trimethoxysilane (GLYMO).

2.2.3. Structural and Property Characterization

The Fourier-transform infrared (FTIR) spectra for pristine and functionalized silica
were obtained from a PerkinElmer FrontierTM FT-IR/NIR spectrometer with KBr as back-
ground. Particles size analysis of colloidal samples (concentration 1 wt.%) was done by
dynamic light scattering (DLS) using Malvern Zetasizer Nano ZS. Particle morphology
was observed using JEOL JSM7900F field emission scanning electron microscope (FE-SEM)
at accelerating voltage of 1.5 kV under GBSH mode.

2.2.4. Stability Analysis of Nanoparticle Dispersions

The thermal and long-term stability tests of nanodispersions were performed (i) by
visual observations, (ii) by turbidity scanning test using TurbiscanTM instrument for real-
time monitoring of transmission intensities over time, and (iii) using accelerated stability
analysis. In turbidity scanning tests, the transmission profiles were recorded at every 3 h
for 7 days. For this purpose, 1 wt.% OF50-M in SSW and 3.5% NaCl brines at pH 6 were
subjected to turbidity scanning tests.

The accelerated stability analysis helps simulate long-term stability in shorter period
of time by subjecting the samples to centrifugal force. A LUMiSizer instrument (LUM
GmbH, Germany) was used for this purpose. In this study, the stability duration of 6 month
was simulated in the runtime of about 31 h and transmission signals were recorded by a
SEPView software [36] provided with the instrument. All accelerated stability analysis
measurements were performed at 60 ◦C for 1 wt.% nanoparticles in SSW and 3.5% NaCl
brine in the pH range of 4–7. For OF50 and OF50-C1, samples at pH 4 and 7 were used for
accelerated stability analysis. All the samples were run in duplicates to counter-balance
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the weight on the rotor of the instrument. The size of nanoparticles was analyzed at room
temperature for fresh samples as well as samples that were subjected to turbidity scan and
accelerated stability analysis.

2.2.5. Contact Angle Measurements

In these experiments, the rock samples of dimensions 20 × 20 × 5 mm3 were first
cut into two equal parts and washed thoroughly with ethanol, blow-dried, and placed in
an oven at 70 ◦C overnight for complete drying. Figure 2 depicts the procedure followed
for rock sample preparation for contact angle measurements. The dried chips were then
saturated with the crude oil using vacuum saturation. The rock samples with 100% oil
saturation were placed in an oven at 70 ◦C for aging to obtain representative wettability
conditions. Berea and Bentheimer Sandstone rock samples were aged for 14 days, whereas
Austin Chalk rock samples were aged for 2 days. At the end of aging period, all the rock
samples were lightly rinsed with toluene to remove any free crude oil yet preserving the
original wettability condition of the pore surfaces. The rock samples were then dried
overnight in the oven at 70 ◦C. The dried rock chips were subsequently saturated with
brines using vacuum saturation and used for contact angle measurements. To observe the
wettability alteration by nanoparticles on the same rock sample, about half the rock sample
was treated with nanofluids by immersing in the nanofluid for overnight and the other half
was left untreated. It was thus possible to measure the contact angles on untreated and
treated part of the rock chips without using duplicate rock chips.

Figure 2. Procedure to prepare rock samples for contact angle measurements.

Contact angle measurements were performed at room temperature by captive bubble
method using an optical contact angle meter (Model: OCA50, DataPhysics Instruments
GmbH). For each measurement, a few hours were allowed for equilibration; all the mea-
surement values reported herein were equilibrium values.

3. Results and Discussion

3.1. Nanoparticle Modification and Characterization

The FTIR spectra of pristine and functionalized silica particles are shown in Figure 3.
For the pristine unmodified OF50-UM, strong absorption peaks at 469, 807, and 1100 cm−1

correspond to Si-O-Si bending (νb), the Si-O-Si symmetric (νs), and asymmetric (νas)
stretching vibrations, respectively. For SBS and GLYMO functionalized OF50-M, small
intensity peaks between 3000 and 2800 cm−1 are attributed to the stretching vibrations
of the methylene groups from GLYMO, which confirms the successful surface chemical
modification of OF50. For the identification of sulfobetaine functionality, the absorption
peak at 1485 cm−1 corresponding to the C-N stretch from -N+-(CH3)2 is used. The peaks
arising from ca. 1220 cm−1 νas(SO3

−) and 1040 cm−1 νs(SO3
−) are not identified due to

overlapping with strong Si-O-Si peak. Figure 4 shows SEM images of pristine OF50 and
OF50-M nanoparticles. It can be observed that the size of the nanoparticles did not change
significantly after the modification.
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Figure 3. FTIR spectra of pristine OF50 (OF50-UM) and surface-modified/functionalized colloidal
silica (OF50-M).

Figure 4. Scanning electron micrographs of (a) pristine OF50 and (b) OF50-M.

3.2. Nanoparticle Dispersion Stability

The thermal stability of unmodified, control, and modified nanoparticles dispersions
was monitored at 60 ◦C for 30 days, and pictures were taken at regular intervals for visual
observations. Figure 5 shows the photographs of the nanoparticle dispersions. It can be
observed that OF50—UM nanoparticles precipitated out almost instantaneously in SSW,
and after 3 h in 3.5% NaCl (Figure 4a). This shows that dispersions of the particles in their
native form are not stable in high salinity conditions. The SBS-modified particles (OF50-C1)
at pH 4 and 7 remained stable a little longer than unmodified nanoparticles but aggregated
within 24 h, as can be observed in Figure 5b. Nanoparticles modified with GLYMO
(OF50-C2) at pH 6 and 7 also aggregated within a day as can be observed in Figure 5d.
These results show that only SBS or GLYMO modification is not enough to stabilize these
nanodispersions in high salinity and high temperature conditions. On the other hand,
dispersions of OF50-M nanoparticles showed excellent thermal stability in 3.5% NaCl as
well as SSW in the pH range of 4–7 for 30 days without any sign of aggregation (Figure 5e).
Modification of OF50 nanoparticles with combination of SBS and GLYMO helped to
stabilize the dispersions for very long time. We anticipate that the optimum balance of
surface coverage of hydroxyl and sulfobetaine functional groups played the pivotal role for
ensuring the long-term saline stability of OF50-M nanodispersions. While the SBS-covered
OF50-C1 was still susceptible to salt-induced destabilization due to presence of unmodified
surface silanol group (-Si-OH), presence of grafted GLYMO was able to further enhance
the solvation of the nanoparticles, which promoted the saline stability of dispersions at
elevated temperature.
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Figure 5. Thermal stability of 1 wt.% (a) OF50-UM in synthetic seawater (SSW) and 3.5% NaCl, (b) SBS modified particles
(OF50-C1) in SSW at pH 4 and 7, (c) nanoparticles modified with GLYMO (OF50-C2) in SSW at pH 4–7 at 0 h, (d) OF50-C2
in SSW at pH 4–7 after 1 day, and (e) OF50-M in SSW and 3.5% NaCl brine at pH 4–7 for 30 days at 60 ◦C.

Results of a real-time turbidity monitoring of 1 wt.% OF50-M in SSW and 3.5% NaCl
brine at pH 6 by TurbiscanTM are shown in Figure 6. The results are presented in the form
of transmission signals vs. height (0 mm represents bottom of the sample) of the sample
for 7 days with each profile recorded every 3 h. No significant change in the transmission
(ΔT) intensity was observed for 7 days across the height of the sample. This indicated that
the particles were not aggregated and the dispersions remained stable over the duration
of the test. The right side of the curves shows a shift of transmission profiles towards left
(blue to red). This may be attributed to evaporation of the water in the sample vials as they
were not completely filled with the nanofluid.

Figure 6. Transmission (ΔT) profiles obtained by TurbiscanTM at 60 ◦C for 1 wt.% OF50-M nanoparticles in (a) SSW and
(b) 3.5% NaCl brine for 1-week duration.
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Results of accelerated stability analysis of OF50-UM, OF50-C1, and OF50-M nanofluids
are shown in Figures 7–9 (with one repeat measurement for each nanofluid). OF50—C2
was not further tested due to insufficient colloidal stability. The time of measurement is
indicated by color of the curves, from beginning (red) to end (green). The x-axis represents
the height of the sample from top (130 mm) to bottom (105 mm). From Figure 7a–d, it can
be observed that light transmission decreased with time from initial 80% to about 50% for
nanofluid dispersions with 1 wt.% OF50-UM nanoparticles in 3.5% NaCl brine at pH 4
and 7. The decreased light transmission indicated aggregation of nanoparticles with time.
For OF50-UM in 3.5% NaCl brine at pH 7, a sudden reduction in transmission from 80%
to 5% occurred at about 124 mm (about 6 mm from bottom of the sample vial) as can be
observed from Figure 7c,d. The formation of gel started after about 48 min of the test that
is equivalent to simulated time of about 3 days. A significant reduction in transmission
clearly showed a formation of gel and reduced the light transmission.

Figure 7. Accelerated stability analysis at 60 ◦C for 1 wt.% (a,b) OF50-UM in 3.5% NaCl brine at pH 4, (c,d) OF50-UM in
3.5% NaCl brine at pH 7, (e,f) OF50-C1 in SSW at pH 4, and (g,h) OF50-C1 in SSW at pH 7. The simulated stability duration
was 6 months and runtime of experiment was 31 h.

Figure 8. Accelerated stability analysis at 60 ◦C for 1 wt.% OF50-M in 3.5% NaCl brine at (a,e) pH 4, (b,f) pH 5, (c,g) pH 6,
and (d,h) pH 7. The simulated stability duration was 6 months and runtime of experiment was 31 h. Samples were run
in duplicate.
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Figure 9. Accelerated stability analysis at 60 ◦C for 1 wt.% OF50-M in SSW at (a,e) pH 4, (b,f) pH 5, (c,g) pH 6, and (d,h) pH 7.
The simulated stability duration was 6 months and runtime of experiment was 31 h. Samples were run in duplicate.

From Figure 7e–h, it can be observed that the nanofluids with 1% OF50-C1 also
showed a decrease in % transmission from about 80% to 50% at pH 4 and to 40% at pH 7
during the runtime of 31 h. This also clearly shows that the surface modification with
zwitterionic silane (SBS) only is not sufficient to stabilize the nanodispersions.

The transmission profiles of 1 wt.% OF50-M in 3.5% NaCl and SSW at different pH are
shown in Figures 8 and 9. It can be observed that the transmission intensity did not vary
significantly across the height of all the samples for experiment time of 31 h (equivalent
to simulated stability time of 6 months). These results clearly indicate that 1wt% OF50-M
nanoparticles remain stable for at least 6 months at 60 ◦C in both types of brines. This can
be attributed to the synergy of SBS and GLYMO in stabilizing the nanoparticles against
aggregation, as compared to nanoparticles with modification by SBS or GLYMO only.

The results of DLS measurements for OF50-M are shown in Table 3. It can be observed
that the sizes of the nanoparticles were nearly the same in SSW and 3.5% NaCl brine.
This indicates that the colloidal stability of modified nanoparticles was not affected by
the presence of divalent ions in SSW. This combined effect of steric and electrosteric
stabilizations imposed by GLYMO and SBS, respectively, is the key factor for enhanced
stability of silica nanodispersions stability in high salinity brines. The particle size of
samples that were subjected to turbidity scan (for 7 days) and accelerated stability analysis
at 60 ◦C only marginally increased at pH 6 and 7, which further validates good stability of
OF50-M particles in high salinity brine at high temperature.

Table 3. Dynamic light scattering (DLS) size measurements of 1 wt% OF50-M in synthetic seawater (SSW) and 3.5% NaCl
brine when fresh and after turbidity scan and accelerated stability analysis measurements.

pH

Particle Size, nm

Fresh Sample Treated Sample *

SSW 3.5% NaCl SSW-Turbi + SSW-ASA # 3.5% NaCl-Turbi + 3.5% NaCl-ASA #

4 22.3 ± 0.1 21.6 ± 0.2 – 22.3 ± 0.1 – 21.6 ± 0.1
5 22.5 ± 0.2 21.7 ± 0.1 – 22.7 ± 0.1 – 21.9 ± 0.1
6 22.5 ± 0.2 21.7 ± 0.1 24.2 ± 0.1 24.0 ± 0.1 23.5 ± 0.2 22.9 ± 0.1
7 22.7 ± 0.1 21.8 ± 0.1 – 24.8 ± 0.1 – 22.9 ± 0.1

* Samples first used for turbidity scan and accelerated stability. + Sample after turbidity scan. # Samples after accelerated stability analysis.
– Samples were not subjected to turbidity scan.

The results of static and accelerated stability analysis and DLS measurements for fresh
and treated samples (i.e., subjected static and accelerated stability tests) confirmed excellent
stability of OF50-M nanodispersion in SSW and 3.5% NaCl brine at 60 ◦C. As mentioned
earlier, the resulted stability can be attributed to the synergistic effects of GLYMO and SBS
and optimum surface coverage of nanoparticles by GLYMO and SBS [35,37].
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3.3. Wettability Alteration

Herein, the results of contact angle measurements are reported and discussed. As men-
tioned earlier, contact angles were measured on Berea Sandstone, Bentheimer Sandstone,
and Austin Chalk rock samples. Figure 10 shows a comparison of contact angles measured
on untreated and OF50-M treated sections of the rock chips. The values of contact angles
are provided in Table 4. It should be noted that the contact angles are measured through
the oil phase.

Figure 10. Contact angle measurements on untreated and nanofluid (1 wt.% OF50-M) treated
surfaces of (a) Bentheimer Sandstone, (b) Berea Sandstone, and (c) Austin Chalk rock samples at
room temperature.

Table 4. Contact angles measured on untreated and treated rock surfaces.

Rock Type

Contact Angle *

Untreated
Surface

Nanofluid
Treated Surface

Bentheimer 113◦ 141◦

Berea 110◦ 131◦

Austin Chalk 84◦ 123◦

* mean contact angle.

It is well known that outcrop rocks such as the ones used in this study are naturally
strongly water-wet. When aged in crude oil, the polar component from the crude oil
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adsorbs on the pore walls and change the water-wet rocks to neutral- or oil-wet depending
on the crude oil composition and aging time. From Figure 10, it can be observed that
Bentheimer and Berea Sandstone samples attained a weakly water-wet condition, whereas
neutral-wet condition was observed for Austin Chalk sample after aging in crude oil. When
part of these rock samples treated with 1 wt.% OF50-M, the wettability of the surfaces
changed to water-wet for all the rock samples. This wettability alteration can be attributed
to the adsorption of nanoparticles on the rock surfaces. Due to overall hydrophilic nature
of the particles, the surfaces exhibit hydrophilic (water-wet) behavior after the treatment
with nanofluid. The change in contact angles for Bentheimer, Berea, and Austin Chalk
samples was found to be 28◦, 21◦, and 39◦, respectively (Table 3). Sandstone pore surfaces
are negatively charged, whereas those for carbonates are positively charged. Based on the
contact angle measurements, it can be concluded that OF50-M nanoparticles have stronger
interactions with the carbonate surface and hence more particles may have adsorbed than
on the sandstone surfaces.

These observations show that the modified nanoparticles, OF50-M, have an ability to
adsorb on various types of rock surfaces and alter the wettability from neutral- and oil-wet
to water-wet conditions, which is an important criterion for more oil recovery from oil-wet
petroleum formations.

4. Conclusions

Commercial silica nanoparticles were successfully surface modified to improve the
colloidal stability of their dispersions under high salinity and high temperature conditions.
Static (visual and turbidity) and accelerated stability analyses were performed at high
temperatures to predict the long-term thermal stability. The stability tests of unmodified,
control, and modified nanodispersions showed that only silane or only GLYMO mod-
ification is not sufficient to stabilize these nanofluids, in particular, at pH 6 and 7 and
surface modification with combined SBS and GLYMO is necessary. The results of static
stability analysis by TurbiscanTM and visual method showed excellent thermal stability in
3.5% NaCl brine and SSW at 60 ◦C for a week and month, respectively. The accelerated
stability analysis predicted that the modified nanoparticles could remain stable at least up
to 6 months in the pH range of 4–7. The results of contact angle measurements showed
that the modified nanoparticles were able to adsorb on neutral-wet rock surfaces and
alter wettability to water-wet. A larger change in contact angle for carbonate surface than
in sandstone surface showed that these particles could be more effective in carbonate
reservoirs or reservoirs with high carbonate content and help improve oil recovery.
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Abstract: Nanoparticles have gained attention for increasing the stability of surfactant-based foams during
CO2 foam-enhanced oil recovery (EOR) and CO2 storage. However, the behavior and displacement
mechanisms of hybrid nanoparticle–surfactant foam formulations at reservoir conditions are not well
understood. This work presents a pore- to core-scale characterization of hybrid nanoparticle–surfactant
foaming solutions for CO2 EOR and the associated CO2 storage. The primary objective was to identify
the dominant foam generation mechanisms and determine the role of nanoparticles for stabilizing CO2

foam and reducing CO2 mobility. In addition, we shed light on the influence of oil on foam generation
and stability. We present pore- and core-scale experimental results, in the absence and presence of oil,
comparing the hybrid foaming solution to foam stabilized by only surfactants or nanoparticles. Snap-off
was identified as the primary foam generation mechanism in high-pressure micromodels with secondary
foam generation by leave behind. During continuous CO2 injection, gas channels developed through
the foam and the texture coarsened. In the absence of oil, including nanoparticles in the surfactant-laden
foaming solutions did not result in a more stable foam or clearly affect the apparent viscosity of the foam.
Foaming solutions containing only nanoparticles generated little to no foam, highlighting the dominance
of surfactant as the main foam generator. In addition, foam generation and strength were not sensitive
to nanoparticle concentration when used together with the selected surfactant. In experiments with oil
at miscible conditions, foam was readily generated using all the tested foaming solutions. Core-scale
foam-apparent viscosities with oil were nearly three times as high as experiments without oil present
due to the development of stable oil/water emulsions and their combined effect with foam for reducing
CO2 mobility

Keywords: nanoparticles; foam; CO2 EOR; CO2 mobility control

1. Introduction

An energy transition to a net-zero society is a global challenge in need of affordable, low-risk
technologies. Carbon capture, utilization and storage (CCUS) is a crucial technology for substantial
emission cuts for many energy-intensive industries to achieve the ambitious climate goals of the Paris
Agreement [1]. CCUS involves capturing CO2 from industrial sources and injecting it into subsurface
reservoirs for simultaneous storage and energy production, via CO2-enhanced oil recovery (EOR).
Permanent CO2 storage coupled with CO2 EOR can provide affordable and reliable energy for our
developing world while reducing the life-cycle carbon emissions of fossil fuels.
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CO2 EOR has been developed and widely implemented over the past 50 years. CO2 is an
excellent solvent in EOR processes because it is miscible with most crude oils at reservoir conditions.
Above miscibility conditions, CO2 swells the oil and reduces its viscosity resulting in increased recovery.
Laboratory corefloods have reported high microscopic displacement efficiency and oil recoveries of
nearly 100% [2]. However, field-scale operations often report lower than expected recoveries due to
poor sweep efficiency and high CO2 mobility [3,4]. These issues stem from reservoir heterogeneity and
the low viscosity and density of CO2 compared to reservoir fluids.

CO2 foam can mitigate the impacts of high CO2 mobility and reservoir heterogeneity by effectively
increasing CO2 viscosity, reducing its relative permeability and diverting CO2 flow from high
permeability zones [5]. CO2 foam is generated in porous media by injecting foaming solution with
CO2, either simultaneously or in alternating slugs. The foam is a dispersion of CO2 in liquid where
stable liquid films, called lamellae, block some of the pathways for CO2 flow [6]. Lamellae are
commonly stabilized by surfactants. However, surfactant-stabilized foams can break down in the
reservoir due to surfactant adsorption, the presence of oil, and at elevated temperatures and salinities.
Therefore, their ability to reduce CO2 mobility can be limited. The addition of silica nanoparticles to
the surfactant-stabilized CO2 foam has been shown to increase the strength and stability of the foam
system and provide increased oil recovery [7,8].

Spherical silica nanoparticles are the most commonly used for EOR applications [9]. They are
particles with a size up to 100 nm with intrinsic properties different from those found in the bulk of the
material due to their high surface-to-volume ratio. Stable emulsions are generated using nanoparticles
because a rigid monolayer is formed on the droplet surface and the particles are irreversibly attached
to the interface. These emulsions may withstand high-temperature reservoir conditions without
agglomeration and the nanoparticles may be further surface-treated to improve stability in harsh
conditions. In addition, the small size of the particles, two orders of magnitude smaller than colloidal
particles, make them suitable for flow through small pore throats in rock [10,11].

Whether stabilized by surfactants, nanoparticles, or a combination of both, bulk foams are typically
composed of bubbles smaller than the containers they are within whereas foam in porous media
is composed of bubbles about the same size or larger as the pore space [12]. For foam to generate,
lamella creation must exceed lamella destruction. Capillary forces dominate lamella creation by three
main mechanisms: leave behind, snap-off and lamella division [5,13].

An issue with foam for EOR applications is the impact of oil on foam (lamellae) stability.
Many studies report that oil hinders foam generation and can destabilize already generated
foam [14–16]. However, these findings are mostly based upon bulk tests at immiscible conditions
with surfactant-stabilized foam, which may not necessarily represent foam in porous media and at
miscible conditions for CO2 and oil. In any case, foam behavior in the presence of oil involves several
interactions between the foam, oil, and rock, which may be either detrimental or beneficial to the foam
process [17,18]. These interactions include emulsification–imbibition, pseudo emulsions, and entering
and spreading [19,20].

In the absence of oil, foam coalescence can reduce the number of bubbles by two mechanisms:
texture (bubble size) coarsening by diffusion, often referred to as Ostwald ripening, or capillary
suction drainage [21]. Diffusion occurs by the transport of gas from smaller bubbles to larger bubbles,
with lower internal pressure, which results in fewer bubbles [22,23]. Capillary suction drainage occurs
when the water saturation approaches a saturation value where the lamellae are no longer stable,
as the capillary pressure exceeds the maximum disjoining pressure of the foam film and drains the
lamellae [24,25].

The majority of earlier work has focused on foam generation and the coalescence of
surfactant-stabilized CO2 foams in the absence and presence of oil at immiscible conditions. However,
much less is known about the role of nanoparticles in the absence and presence of oil at miscible
conditions. Thus, this study aimed to thoroughly characterize the dominant foam generation
mechanisms and determine the role of nanoparticles for stabilizing CO2 foam and reducing CO2
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mobility. In addition, we shed light on the influence of oil on foam generation and stability. We present
a pore- to core-scale characterization of hybrid nanoparticle–surfactant foam formulation for CO2

mobility control for CO2 EOR and CO2 storage. Experimental results compared the hybrid foaming
solution to foam stabilized by only surfactant or nanoparticles, in the presence and absence of oil.

2. Materials and Procedures

2.1. Pore-Scale System

Two foaming agents were used to study foam generation, stability and coalescence. One was
a nonionic surfactant (Huntsman Surfonic L24-22, Houston, TX, USA), a linear ethoxylated alcohol.
The other foaming agent was a surface-modified spherical silica nanoparticle (Nouryon Levasil CC301,
Amsterdam, The Netherlands). Foaming solutions were made by dissolving each foaming agent,
either separately or combined, in 35,000 ppm NaCl brine at the concentrations shown in Table 1.
CO2 with 99.999% purity was used. The pore space was cleaned between injection cycles using
2-proponal-water azeotrope (IPA). For experiments in the presence of oil, a refined oil (n-Decane, C10H22)
was used to obtain first-contact miscibility with CO2.

Table 1. Composition of the foaming solutions used in pore- and core-scale experiments.

Foaming Agents Concentration, Component Scale

Nanoparticle (NP) 1500 ppm, Levasil CC301 Pore

Surfactant (SF)
3500 ppm, Surfonic L24-22 Core

5000 ppm, Surfonic L24-22
Pore and Core

Hybrid (SF + NP)

3500 ppm, Surfonic L24-22 + 1500 ppm, Levasil CC301

5000 ppm, Surfonic L24-22 + 1500 ppm, Levasil CC301
Pore

5000 ppm, Surfonic L24-22 + 150 ppm, Levasil CC301

3500 ppm, Surfonic L24-22 + 150 ppm, Levasil CC301 Core

The micromodel was composed of a rectangular etched silicon wafer with an irregular porous
structure bonded to a transparent borosilicate glass with dimensions of 26.96 mm × 22.50 mm (Figure 1)
and a constant etching depth of 30 μm. The pore pattern was a simplified two-dimensional projection
of real pore structures with connected pores that allow flow with discontinuous, irregularly shaped
grains that provide tortuosity. The chemical composition of the crystalline silicon and borosilicate
glass are similar to sandstone and are chemically inert to the injected fluids. Complete manufacturing
procedures can be found elsewhere [26,27].

Figure 1. Dimensions of the micromodel, location of the flow ports and the fluid distribution channels.
The focused field of view is shown on the left. Injection was into port 1 and production was from ports
3 and 4. Port 2 was closed. The entire pore network consisted of 36 repetitions of a single 749-grain pore
pattern. The grain size distribution ranged from 100 to 79,000 μm2 and the pore throat distribution
ranged from 10 to 200 μm. The average pore throat length was 89 μm.
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The micromodel had a porosity of 61%, permeability of 3000 mD and pore volume (PV) of 11.1 μL.
The porous pattern (27,000 grains) had 36 (4 × 9) repetitions of a pore network with 749 unique grains.
The grain size distribution of the 749-grain pattern ranged between 100 and 79,000 μm2 and the pore
throat width distribution ranged from 10 to 200 μm. Flow ports were located at each corner of the
micromodel with the inlet at ports 1 and 2 and the outlet at ports 3 and 4. The micromodel was
positioned in the bottom part of a two-piece polyether ether ketone (PEEK) plastic micromodel holder.
The top part had an open window for direct visual observation. The micromodel holder was placed on a
motorized stage below a microscope (Axio Zoom. V16, Zeiss, Jena, Germany). The microscope software
controlled the zoom, focus, illuminator intensity, imaging, and the motorized stage. Additional details
on the micromodel set-up can be found in [28].

2.2. Pore-Scale Procedure

The micromodel system was pressurized to 100 bar using a backpressure system at 25 ◦C for
experiments in the absence and presence of oil. For experiments in the absence of oil, foaming solution
was first injected to completely saturate the micromodel before injecting dense (liquid) phase CO2 at a
constant volumetric flow rate of 4 μL/min. The foaming solutions consisted of 1500 ppm nanoparticles,
5000 ppm surfactant, and two hybrid solutions with 5000 ppm surfactant combined with 1500 ppm
or 150 ppm nanoparticles. An overview of the foaming solutions are listed in Table 1. A baseline,
without foaming solution, was also conducted for comparison. For experiments in the presence of oil,
the micromodel was initially saturated with distilled water before injecting six pore volumes of oil.
Distilled water was then injected for an additional six pore volumes to achieve residual oil saturation.
The micromodel was then saturated with the hybrid 3500 ppm surfactant and 1500 ppm nanoparticle
foaming solution before CO2 injection began at a constant rate of 1 μL/min. For all experiments,
CO2 was injected in port 1 (inlet), port 2 was closed and ports 3 and 4 (outlet) were open and kept at
100 bar using the backpressure system (Figure 1). The microscope settings (light intensity, aperture,
and shutter time) were optimized for image processing and remained constant. Images were acquired
of the entire micromodel with high spatial resolution (4.38 μm/pixel) by stitching multiple overlapping
images. The image acquisition time of the porous pattern (121 separate images) was 73 s. A focused
field of view was selected, which was representative of the remainder of the micromodel, for detailed
analysis and to minimize the capillary end effects. Raw images from the experiments show the grains
as dark and opaque and the pore space in a grayish-blue hue. The gas/liquid interfaces (lamellae) were
white due to the diffusive ring-illuminator of the microscope. Foam generation and coalescence were
also analyzed by utilizing the Python Library OpenCV [29] to identify bubble number and size.

2.3. Core-Scale System

The core-scale experiments used the same brine as the pore-scale work. In experiments with only
surfactant in the foaming solution, a 3500 ppm or 5000 ppm concentration was used. In experiments
with the hybrid foaming solutions, a 3500 ppm surfactant concentration was used with either 1500 ppm
or 150 ppm nanoparticles to evaluate the concentration sensitivity for foam stabilization. See Table 1
for an overview of the foaming solutions. A single outcrop Bentheimer sandstone core was used for all
experiments to eliminate the impacts of variable core properties. The core was cleaned and dried before
being 100% saturated with brine under vacuum. Porosity and pore volumes were calculated based
on the weight differential before and after saturation. Absolute permeability was measured between
each experiment by injecting brine until a stable differential pressure was obtained for three different
injection rates. The permeability of the core was 1400 millidarcy with a porosity of 24% (Table 2).
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Table 2. Core properties of the Bentheimer sandstone used in the experimental work.

Core Properties Value

Length (cm) 24.6 ± 0.01
Diameter (cm) 3.64 ± 0.01

Pore Volume (mL) 68.23
Porosity 0.24

Permeability (mD) 1400

2.4. Core-Scale Procedure

The brine-saturated sandstone core was wrapped in a 0.1-mm thick nickel foil to reduce the radial
CO2 diffusion into the confinement oil before installation into the Viton rubber sleeve. The core was
then mounted in a vertically oriented Hassler-type core holder and placed inside a heating cabinet.
Experimental conditions were set to 40 ◦C and 200 bar with a net overburden pressure of 70 bar.
At these conditions, CO2 is supercritical and has a similar density as in the pore-scale experiments.
A differential pressure transducer and two absolute pressure transducers monitored pressure response
at the inlet and outlet. Figure 2 shows the experimental set-up, modified from [30].

Figure 2. Experimental setup used for the core-scale foam experiments. Green lines indicate the fluid
flow directions during the injection of CO2 and the foaming solution. Pure CO2 was pressurized by a
gas booster and injected using a Quizix Q6000-10k plunger pump. Foaming solutions were injected
using a Quizix Q5000-10k plunger pump. Injection was performed through a series of needle valves
(marked green for open, red for closed) to the top of the core. Produced fluids were depressurized
downstream through a series of backpressure regulator (BPR) valves and measured in the production
separator and associated water adsorption column using a digital balance. Modified from [30].

Foam apparent viscosity is a measure of foam generation, strength and stability. An increase in
apparent viscosity indicates a generation of foam and a higher value of apparent viscosity corresponds
to a stronger foam. Foam apparent viscosity (μapp) was quantified from the experimental superficial
velocities and measured pressure drop [31] by

μapp =
k∇p(

ul + ug

) (1)

where k is the absolute permeability of the porous media, ∇p is the measured pressure gradient and ul

and ug are the superficial velocities of liquid and gas, respectively [32]. The effect of nanoparticles on
foam strength and stability was evaluated by comparing dynamic experimental apparent viscosity
results using foaming solutions with and without nanoparticles.
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The injection scheme for the core-scale experiments in the absence of oil was adapted from [33]. First,
a minimum of three PVs of foaming solution was injected to satisfy adsorption, displace the initial brine
and fully saturate the pore space. Then, CO2 was injected from the top of the vertically mounted core
at a superficial velocity of 4 ft/day for approximately six PVs. Unsteady state apparent foam viscosities
were calculated as a function of time (PVs injected) using Equation (1). A minimum of two experiments
were performed for each individual foaming solution. A baseline experiment, without foaming
solution, was also conducted for comparison. The core was cleaned between experiments by injecting
solutions of IPA before being re-saturated with brine and then foaming solution.

The core-scale procedure in the presence of oil was developed to obtain approximately 30%
residual oil before evaluating foam generation and stability. First, a primary drainage with n-Decane
for nearly one PV was conducted followed by a waterflood for one PV. Foaming solution was then
injected for at least three PVs at a low and high rate. Finally, CO2 was continuously injected at 4 ft/day
for 10 to 14 PVs. A minimum of two experiments was performed for each individual foaming solution.

3. Results and Discussion

3.1. Pore-Scale: Foam in the Absence of Oil

Figure 3 shows pore-scale images from four experiments with different foaming solutions.
Three time steps are shown which correspond to pre-foam generation (PV = 1.3), peak foam generation
and post-foam generation (PV = 20.1). The images show a focused field of view with CO2 injection
from the top to the bottom for each image. The dark opaque areas are grains, the grayish-blue open
areas are the pore space and the thin white films are lamellae.

The experiment with only nanoparticles present (1500 NP) generated weak foam as indicated by
the continuous distribution of open flow paths and very few lamellae or bubbles (Figure 3, left column).
Thus, CO2 mobility remained high and was comparable to the baseline without any foaming agent.
CO2 injection with the three surfactant-laden foaming solutions resulted in the generation of densely
distributed, finely textured foam, which significantly reduced CO2 mobility during the peak foam
generation stage (5000 SF, 5000 SF + 1500 NP and 5000 SF + 150 NP). Individual bubbles were located
near the ends of pore throats and several bubbles filled individual pore bodies, suggesting snap-off as
the primary foam generation mechanism. Because the pore bodies had a larger area than the pore
throats, repeated snap-off occurred until the pore body was filled with bubbles, a phenomenon also
described by [34]. Dynamic observations also revealed many individual lamellae spanning across pore
throats. These lamellae may have formed from the leave-behind mechanism because CO2 was injected
into a surfactant saturated porous media in a drainage-like process. The rise in capillary pressure
during drainage can cause lamellae generation by both leave-behind and snap-off as gas enters the
pore network [35].

Direct visual observations of the experiment with the hybrid foaming solution containing 5000 ppm
surfactant and 1500 ppm nanoparticles revealed a continuous open flow path for CO2 throughout the
duration of the experiment (Figure 3, red line, 5000 SF + 1500 NP). No lamellae impeded CO2 flow in
this region and the CO2 relative permeability was reduced by the presence of lamellae in the remainder
of the pore network. Therefore, within this focused field of view, a continuous gas-foam was generated.
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Figure 3. The pore-scale images of a focused field of view during the injection of dense phase CO2 into
a micromodel saturated with four different foaming solutions at 100 bar and 25 ◦C. Experiments with
different foaming solutions are shown across the top: 1500 ppm nanoparticles (1500 NP), 5000 ppm
surfactant (5000 SF), hybrid 5000 ppm surfactant and 1500 ppm nanoparticles (5000 SF + 1500 NP) and
hybrid 5000 ppm surfactant and 150 ppm nanoparticles (5000 SF + 150 NP). Injection was from top to
bottom in each image. The dark opaque areas are grains, the grayish-blue open areas are the pore space
and the thin white films are lamellae. Individual image dimensions are 2190 × 2190 μm. The grain
size ranged from 100 to 79,000 μm2 and the pore throat distribution ranged from 10 to 200 μm for the
entire micromodel.

Figure 4 quantifies the number of bubbles versus the bubble size for the images shown in
Figure 3. Bubble number and size were used as indications of foam generation and strength where
a higher bubble number corresponded to a finer textured foam. All foaming solutions containing
surfactant-generated small bubbles (≤103 μm2) at the peak generation stage. In the post-foam generation
stage, the total number of bubbles decreased and their size increased; hence, the foam texture coarsened,
increasing CO2 mobility as CO2 was continuously injected. The hybrid foaming solutions with either
1500 ppm or 150 ppm nanoparticles showed similar behavior, indicating that foam strength and stability
was not sensitive to nanoparticle concentration when used together with the selected surfactant.

Pore-scale foam behavior was also analyzed by examining the total bubble number (Ni) as a
function of the PV of CO2 injected. The number of bubbles during foam generation and coalescence
(Nbubble) were normalized to baseline (Nbaseline) for the four foaming solutions. Figure 5 shows the
normalized bubble number as a function of PV injected for each foaming solution for the focused
field of view. Foam generation (as indicated by bubble number) increased from approximately 9 to
11 times the baseline for all foaming solutions. Peak foam generation was reached after approximately
seven PVs of the CO2 injected. After peak foam generation, the number of bubbles steadily decreased
from bubble coarsening as the dominant coalescence mechanism as observed in Figure 3. The hybrid
foaming solutions, containing nanoparticles and surfactant, had a limited impact on the number of
bubbles and foam stability during continuous CO2 injection.
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Figure 4. The number of bubbles (Nbubble) versus bubble size for the micromodel experiments with
four different foaming solutions. Foaming solutions are shown across the top and include 1500 ppm
nanoparticles (1500 NP), 5000 ppm surfactant (5000 SF), hybrid 5000 ppm surfactant and 1500 ppm
nanoparticles (5000 SF + 1500 NP) and hybrid 5000 ppm surfactant and 150 ppm nanoparticles
(5000 SF + 150 NP).

Figure 5. Development in normalized bubble number as a function of pore volume (PV) injected using
four different foaming solutions for the focused field of view. The blue curve represents the foaming
solution with 1500 ppm nanoparticles (1500 NP), the green curve represents the 5000 ppm surfactant
solution (5000 SF), the purple curve represents the hybrid solution with 5000 ppm surfactant and
1500 ppm nanoparticles (5000 SF + 1500 NP) and the red curve represents the hybrid solution with
5000 ppm surfactant and 150 ppm nanoparticles (5000 SF + 150 NP).

The two-dimensional geometry of the micromodel likely resulted in multiple bubbles per pore
because the widths of some of the pore throats were narrower than the pore throat depths. Therefore,
pore-scale foam texture may not have a direct relation to foam in three-dimensional porous media.
Many studies report that in situ foam usually consists of bubbles about the same size or larger than
pore bodies based upon effluent analysis during laboratory experiments and the large flow resistance
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for bubbles smaller than pores [12,36,37]. In addition, most mechanistic foam models [38–40] assume a
single bubble per pore and that discrete bubbles flow through the porous media, where foam strength
is controlled by foam texture (bubble size). The latter assumptions are supported by the pore-scale
observations reported here.

3.2. Pore-Scale: Foam in the Presence of Oil

Dynamic foam generation in the presence of oil was evaluated by injecting CO2 into a micromodel
saturated with a hybrid foaming solution and oil. The aim was to evaluate the impact of oil on
foam generation and gain insight on the influence of oil/water emulsions during CO2 foam processes.
Figure 6 shows the pore-scale images of the unsteady-state CO2 injection in the presence of oil with the
hybrid foaming solution containing 3500 ppm surfactant and 1500 ppm nanoparticles. Three stages
of the experiment are shown which correspond to before CO2 injection, the start of CO2 injection,
and during CO2 injection. Each image was acquired with 75 s between each time step.

Figure 6. Pore-scale images of a focused field of view during the injection of dense phase CO2 into a
micromodel saturated with a hybrid foaming solution and oil at 100 bar and 25 ◦C. Three stages of the
experiment are shown which correspond to: (a) before CO2 injection; (b) the start of CO2 injection;
and (c) during CO2 injection. Injection was from top to bottom in each image. The dark opaque areas
are grains, the grayish-blue open areas are the pore space filled and the thin white films are the lamellae.
Individual image dimensions are 2190 × 2190 μm. The grain size ranged from 100 to 79,000 μm2 and
the pore throat distribution ranged from 10 to 200 μm for the entire micromodel.

Before CO2 injection, the micromodel was initially saturated with foaming solution and oil
(Figure 6a). Foaming solution appears as the continuous liquid phase, whereas oil is seen as isolated
globules in interconnected pores. At the start of CO2 injection (Figure 6b), the oil globules faded due to
miscibility between CO2 and oil. As CO2 injection continued, the oil was displaced by CO2 and foam
readily generated in areas where oil was not present. Oil not displaced formed oil/water emulsions and
occupied pores without foam present (Figure 6c). The foam (CO2/water emulsion) had thicker lamellae
compared to the oil/water emulsions likely due to interfacial tension differences at these conditions as
also observed in [41]. Compared to foam (CO2/water emulsion) alone, the combined effect of oil/water
emulsions and foam further reduced CO2 mobility. This resulted in increased “foam” strength as also
observed in the core-scale experiments in the presence of oil (discussed in Section 3.4).

3.3. Core-Scale: Foam in the Absence of Oil

Dynamic foam generation and stability in the absence of oil was evaluated by injecting CO2

into cores saturated with different foaming solutions. This set of experiments established conditions
to investigate foam behavior during prolonged periods of CO2 injection in a drainage-like process.
Figure 7a shows the apparent viscosity versus pore volume of CO2 injected for the CO2 foam stability
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scans with foaming solutions containing only surfactant at concentrations of 3500 ppm (green curves)
and 5000 ppm (blue curves). Figure 7b shows the results from the experiments using the two hybrid
foaming solutions with 3500 ppm surfactant and 150 ppm nanoparticles (orange curves) and 3500 ppm
surfactant and 1500 ppm nanoparticles (red curves). A baseline scan, without foaming solution, is also
shown in each figure for comparison (black curves).

Figure 7. Apparent viscosity versus pore volume of the CO2 injected for the unsteady state CO2 injections
into cores pre-saturated with foaming solutions containing: (a) 3500 ppm surfactant (green curves)
and 5000 ppm surfactant (blue curves); (b) hybrid foaming solutions containing 3500 ppm surfactant
and 150 ppm nanoparticles (orange curves) and 3500 ppm surfactant and 1500 ppm nanoparticles
(red curves). The black curve is the baseline with only brine.

For all experiments, the rapid and linearly increasing apparent viscosity until 0.2 PV injected
indicated that foam was generated as CO2 invaded the core saturated with foaming solution.
Apparent viscosity steadily increased, from 0.2 to 0.5 PV injected, as foam continued to generate and
propagate into the core. A peak in apparent viscosity (foam strength) was achieved after approximately
0.5 PV was injected. The magnitude of the peak apparent viscosity varied from 45 to 65 cP for all
experiments. The peak in apparent viscosity indicated a transition from a period of predominantly
foam generation to predominantly foam coalescence. The development of a continuous CO2 flow path
not impeded by lamellae caused the foam to coalesce, likely related to a combination of bubble rupture
and foam displacement. The CO2 flow path rapidly reduced the apparent viscosity just before one PV
was injected. After about six PVs were injected, the initial CO2 viscosity was not fully recovered due to
trapped bubbles in the pore space, which continued to reduce CO2 mobility.

The difference in dynamic foam generation and coalescence processes for the foaming solutions
with and without nanoparticles were insignificant. Including nanoparticles in the surfactant-laden
foaming solution did not result in a more stable foam and the type of foaming solutions did not
clearly affect the apparent viscosity of the foam. Therefore, the surfactant contributed mostly to
foam generation and the nanoparticles had only minor impacts on the foam strength and stability
in these experiments. The experiments with the hybrid foaming solutions (Figure 7b) revealed
similar foam behavior independent of nanoparticle concentration. Despite an order of magnitude
difference in nanoparticle concentration, the measured apparent viscosities and stability of the foam
were similar. Thus, the nanoparticle concentrations of 150 ppm gave similar performance as the
nanoparticle concentrations of 1500 ppm when used with the selected surfactant. The next set of
experiments focused on evaluating the same foaming solutions in the presence of oil, a condition
known to destabilize some surfactant-based foams.
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3.4. Core-Scale: Foam in the Presence of Oil

Dynamic foam generation and stability for foaming solutions with and without nanoparticles in
the presence of oil was evaluated by injecting CO2 into a core saturated with each foaming solution.
The core contained a residual oil saturation of around 30% prior to being flooded with foaming solution
and then CO2. Each experiment was conducted a minimum of two times for reproducibility. Figure 8
shows the average apparent viscosity (cP) versus the pore volume of CO2 injected for the unsteady
state CO2 foam stability scans in the presence of oil. Experiments using the foaming solution with
only surfactant are shown with the blue curve and experiments with the hybrid foaming solution are
shown with the red curve.

Figure 8. Apparent viscosity versus pore volume of the CO2 injected for the unsteady state CO2

injections in cores with residual oil (Sor) and pre-saturated with a hybrid foaming solution containing
surfactant and nanoparticles (SF + NP, red curve) or a foaming solution containing only surfactant
(SF, blue curve).

Both types of foaming solutions generated foam within the first 0.2 PV injected. However,
the hybrid foaming solution generated foam more rapidly (faster increase in apparent viscosity)
than the solution containing only surfactant. In addition, the hybrid foaming formulation generated
a stronger (higher apparent viscosity) foam, compared to the solution containing only surfactant.
The increased apparent viscosity for both types of solution indicated that each formulation generated
foam with the residual oil present.

Apparent foam viscosity values with the hybrid solution in the presence of oil (Figure 8, red curve)
were nearly three times as high as the experiments without oil present (Figure 7b). In the presence of
oil, the foaming solution with only surfactant (Figure 8, blue curve) had foam-apparent viscosity values
about twice as high as experiments in the absence of oil (Figure 7a). This is related to the development
of oil/water emulsions, which were likely stabilized by each respective foaming agent. The emulsions
influenced the calculated apparent viscosities (differential pressure) and are indistinguishable from
foam (CO2/water emulsion). Nonetheless, the oil/water emulsions highlight an important facet of
the CO2 foam process, which can be beneficial to enhancing oil recovery by increasing the capillary
number (increased viscous forces and lower interfacial tension) [42].
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3.5. From Pore- to Core-Scale

The similarity in foam generation and coalescence during unsteady-state CO2 injections at the pore-
and core-scale is striking. Figures 5 and 7 reveal dynamic foam generation and coalescence processes
with similar behavior at two different length scales. The experiments in this work were characterized by
a period of rapid foam generation during drainage-like CO2 injection and a period of foam coalescence
during prolonged CO2 injection. The decline in foam strength, at both scales, was related to the
development of open CO2 flow paths through the generated foam. This phenomenon was a result of
bubble coarsening from diffusion. The pore-scale observations unlocked real-time insights on in situ
foam behavior that may help explain the observations from the core-scale experiments. Since foam
was rapidly generated at both scales (due to ideal conditions for foam generation), the coalescence
mechanisms during continued CO2 injection at the pore-scale may be applied at the core-scale with
some level of confidence. It is understood that foam will dry out as more CO2 is injected and not
supplemented with additional surfactant solution. Here, we showed one of the physical mechanisms
responsible for such behavior.

In addition, the experiments in the presence of oil revealed the importance of stable oil/water
emulsions on the CO2 foam process. The insights from pore-scale experiments with oil shed light on
the influence of oil/water and CO2/water emulsions on CO2 mobility reduction. Higher foam apparent
viscosities were calculated for the core-scale experiments with oil present and were likely related to the
development of the oil/water emulsions. Because apparent viscosity is used as an indication of foam
generation and strength in laboratory experiments, care must be taken when interpreting the results
from coreflood studies with the presence of stable oil/water emulsions. These emulsions can influence
the calculated apparent viscosities (based on differential pressures) and may contribute to reducing
CO2 mobility.

4. Conclusions

This work presented a multi-scale investigation of hybrid nanoparticle–surfactant foam for
CO2 mobility control for CO2 EOR and CO2 storage. High-pressure micromodel experiments and
high-pressure/high-temperature core floods evaluated a hybrid surfactant and nanoparticle foaming
solution and foaming solutions with only surfactant or nanoparticles, in the presence and absence of
oil. The following conclusions can be drawn:

• Direct pore-scale observations of dense phase CO2 injection into a micromodel saturated with
foaming solutions containing only surfactant or a hybrid nanoparticle–surfactant foaming solution
revealed snap-off as the primary foam generation mechanism and leave-behind as a secondary
foam generation mechanism.

• At the pore-scale, foam readily generated in areas where oil was not present and oil/water
emulsions initially occupied pores without foam present.

• All foaming solutions containing surfactant generated foam in the presence and absence of oil,
whereas foaming solution only containing nanoparticles did not. Thus, surfactant was the main
foam generator and nanoparticles may be more important for foam stabilization.

• Foam strength was not sensitive to nanoparticle concentration when used together with surfactant
in the tested foaming solutions.

• At the core-scale, all foaming solutions rapidly generated foam in the presence of residual oil.
• Foam apparent viscosity values with the hybrid foaming solution, in the presence of oil, were nearly

three times as high as the experiments without oil. This was related to the development of oil/water
emulsions, which were likely stabilized by the foaming agents.

• A link is proposed between direct pore-scale visual observations and quantitative
core-scale measurements. The combined influence of stable oil/water emulsions and foam
(CO2/water emulsions) may be beneficial for increasing the capillary number by achieving higher
apparent viscosity and lower interfacial tension.
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• The experiments in this work were characterized by a period of rapid foam generation during
drainage-like CO2 injection and a period of foam coalescence during prolonged CO2 injection.
The decline in foam strength is related to the development of open CO2 flow paths through the
generated foam.

• Increased apparent viscosities with foam reduced CO2 mobility at multiple length scales, which can
improve volumetric sweep efficiency in field-scale CO2 EOR and CO2 storage processes.
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Abstract: To be effective enhanced oil-recovery (EOR) agents, nanoparticles must be stable and be
transported through a reservoir. However, the stability of a nanoparticle suspension at reservoir
salinity and temperature is still a challenge and how it is affected by reservoir rocks and crude oils
is not well understood. In this work, for the first time, the effect of several nanoparticle treatment
approaches on the stability of silica nanoparticles at reservoir conditions (in the presence of reservoir
rock and crude oil) was investigated for EOR applications. The stability of nanoparticle suspensions
was screened in test tubes at 70 ◦C and 3.8 wt. % NaCl in the presence of reservoir rock and crude
oil. Fumed silica nanoparticles in suspension with hydrochloric acid (HCl), polymer-modified
fumed nanoparticles and amide-functionalized silica colloidal nanoparticles were studied. The size
and pH of nanoparticle suspension in contact with rock samples were measured to determine the
mechanism for stabilization or destabilization of nanoparticles. A turbidity scanner was used to
quantify the stability of the nanoparticle suspension. Results showed that both HCl and polymer
surface modification can improve nanoparticle stability under synthetic seawater salinity and 70 ◦C.
Suspensions of polymer-modified nanoparticles were stable for months. It was found that pH is
a key parameter influencing nanoparticle stability. Rock samples containing carbonate minerals
destabilized unmodified nanoparticles. Crude oil had limited effect on nanoparticle stability. Some
components of crude oil migrated into the aqueous phase consisting of amide-functionalized silica
colloidal nanoparticles suspension. Nanoparticles modification or/and stabilizer are necessary for
nanoparticle EOR application.

Keywords: nanoparticle stability; reservoir condition; reservoir rock; crude oil; nanoparticle
agglomeration

1. Introduction

In recent years, nanotechnology research on enhanced oil recovery (EOR) has shown promising
results in the laboratory. Some EOR experiments with silica nanoparticles have been performed and
showed positive results in increasing oil recovery [1–4]. The proposed EOR mechanisms for silica
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nanoparticles include interfacial tension reduction, wettability alteration, plugging of pore channels,
disjoining pressure and emulsification [5–8].

The prerequisite of these mechanisms working well in the reservoir is that nanoparticles are
stable at reservoir conditions so that they can maintain their surface activities for EOR. The nanofluid
preparation method is crucial for its stability. For EOR applications, the most commonly used base
fluid is brine. In the stationary state, the settling velocity of small spherical particles in a suspension
follows Stokes law [9]:

V =
2R2

9μ

(
ρp − ρL

)
·g (1)

where V is the particle’s settling velocity; R is the spherical particle’s radius; μ is the liquid medium
viscosity; ρp and ρL are the particle and the liquid medium density, respectively, and g is the acceleration
of gravity. This equation explains the effect of gravity, buoyancy and viscous drag on the behavior of
the suspended particles in the base fluid. According to Stokes law, the nanoparticle settling velocity
decreases with: (1) reducing R, (2) increasing μ, the base fluid viscosity and (3) lessening the density
difference between nanoparticles and base fluid [10].

There are two different techniques used to produce nanofluids. First, a two-step technique in
which a dry nanoparticle powder is first produced and then dispersed in a base fluid. However,
due to the high surface energy of nanoparticles, aggregation and clustering easily take place after
preparation. Therefore, additional techniques are needed to minimize this problem, such as a high
shear homogenization and ultrasound. Alternatively, a single-step technique can be applied wherein
nanoparticles synthesis and nanofluid preparation are undertaken simultaneously. In the single-step
method, there is no drying, storage, transportation, and dispersion of nanoparticles, so the aggregation
of nanoparticles is minimized and the stability of the nanofluid can be improved [10].

However, due to van der Waals attraction between nanoparticles and high-temperature and
high-salinity conditions in a reservoir, the injected nanoparticles may still undergo aggregation and
agglomeration, thus losing their colloidal stability. In order to maintain long-term stability of a
nanofluid in a reservoir, some physical or/and chemical treatments are necessary [10]. Generally,
nanoparticles have to meet two principles to achieve good stability. The first is the diffusion principle:
The nanoparticles are scattered by and dispersed into a liquid medium. The second is the Zeta potential
principle: the absolute zeta potential value of a nanofluid must be larger than a specified value and
have a sufficient repulsive force between the nanoparticles [11]. The commonly used techniques to
increase nanofluid stability are summarized as follows. The first technique is pH control. The stability
of a nanofluid is directly related to its electrokinetic properties. Strong repulsion forces can create a
stable nanofluid through a high surface charge density [12–14]. Sofla et al. proposed “H+ protection”
theory. They showed that adding hydrochloric acid (HCl) into a nanofluid can effectively stabilize silica
nanoparticles in seawater [15]. The second technique is addition of a surfactant. This is a general method
used to improve the stability of nanoparticles in aqueous phase. The mechanism is that the hydrophobic
surface of nanoparticles is covered with surfactant and changed to hydrophilic, thus the repulsion
force will become larger and absolute value of zeta potential will increase [16,17]. Surfactant selection
(cationic, anionic or non-ionic) is very important [18]. The third technique is surface modification (steric
stabilization). This method utilizes the adsorption of large molecules like surfactants and polymers on
the surface of nanoparticles to prevent aggregation. The adsorbed molecules lead to an increase of
osmotic repulsion, resulting in higher colloidal stability of the nanofluid [19]. Ranka et al. achieved a
stable nanofluid by modifying silica nanoparticles with zwitterionic polymers [20]. The fourth method
is ultrasonication to break down the agglomeration and clustering of nanoparticles [21]. Therefore,
particle size will be reduced remarkably.

After a nanofluid is prepared by using the aforementioned techniques, specific analytical methods
are needed to evaluate the relative stability of the nanofluid samples:
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(1) Optical visualization. This is a simple method to determine the stability of nanofluids in test
tubes by optical inspection for sedimentation after certain periods of time [10]. This method is only
applicable for low viscosity and transparent base fluids.

(2) Zeta potential measurement. This method is one of the most critical tests to validate the stability
of nanofluids. If the zeta potential has a high absolute value, electrostatic forces repel nanoparticles
from each other [22]. Generally, a nanofluid with a measured absolute zeta-potential value above
30 mV is regarded as stable [23]. However, zeta potential results may not be reliable for high salinity
base fluids.

(3) Light transmission and scattering method. The intensity of transmitted and scattered light
for a single particle is related to the particle volume. Particle size and sedimentation thickness can be
measured in real time [8].

(4) Ultraviolet–visible (UV–Vis) spectrophotometry. The absorption of light by nanoparticles is
used to calculate the concentration of nanoparticles and quantitatively evaluate the stability of the
nanofluid [10].

(5) Scanning electron microscopy (SEM) and transmission electron microscopy (TEM). SEM and
TEM are powerful tools to characteristic the shape, size and distribution of nanoparticles. In addition,
cryogenic electron microscopy (Cryo-SEM and Cryo-TEM) can observe the real state of nanoparticles
in the nanofluid, while SEM and TEM only work for dry samples. [10] Therefore, the aggregation
nanoparticles in a nanofluid can be observed directly.

(6) Sedimentation balance method. In this method the tray of a sedimentation balance is immersed
in the fresh nanofluid. The weight of nanoparticles sedimentation during a certain period of time is
measured, hence the total nanoparticles sedimentation can be calculated accordingly [22].

(7) Three omega method. In this method the stability of the nanofluid can be evaluated by
detecting the thermal conductivity growth caused by the nanoparticle sedimentation. Several stability
tests refer to this method in the literature. [24–26]

For the application of nanofluids in EOR, high temperature, high salinity and the presence
of divalent cations such as Mg2+, Ca2+, and Ba2+ present challenges to the colloidal stability.
Several literature reports have studied the stability of nanoparticles at reservoir conditions for EOR
applications. For example, Metin et al. observed a critical salt concentration for a given salt solution,
below which the nanoparticles have a good stability and above which aggregation of nanoparticles
occur and sedimentation is observed at the bottom of the samples. They also reported that divalent
cations played a more important role in destabilizing nanoparticles than monovalent cations, and that
elevated temperatures accelerate the nanoparticle aggregation process [27]. Sofla et al. studied silica
nanoparticle stability in synthetic seawater and observed that HCl can effectively stabilize nanoparticles
in seawater [15]. Ranka et al. functionalized silica nanoparticles with zwitterionic polymers to undergo
a structural transition from a collapsed globule to a more open coil-like structure with increasing ionic
strength and temperature. The surface functionalized silica nanoparticles exhibited long-term stability
at salinities up to 120 g/L at 90 ◦C [20]. However, in the aforementioned studies only the effect of salts and
temperature on the stability of the nanoparticles was considered. Two other important factors during
an EOR process, namely, the effect of reservoir rocks and crude oils, may also play a role in the stability
of nanoparticles. In this study several reservoir rocks and crude oil samples from different oil fields
were used to investigate their effects on nanoparticle stability under high-temperature and high-salinity
conditions. Nanofluid EOR has shown its potential of increased oil recovery in the laboratory by
using both coreflood and microfluidic flooding experiments. Hendraningrant et al. has reported that
fumed silica nanoparticles could increase oil recovery by 2% to 10% with 20 coreflood experiments [28].
Khezrnejad et al. performed microfluidic flooding experiments with silica nanoparticles and found
nanofluid flooding increased oil recovery by more than 10% compared to water flooding [29]. However,
these two experiments were conducted under room temperature and used NaCl brine and deionized
water, which is favorable for the stability of nanoparticles. This study also tried to find a solution
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to stabilize silica nanoparticles under reservoir conditions, making silica nanoparticles also have a
potential to increase oil recovery for a field application.

2. Experimental Materials

2.1. Nanoparticle

Fumed hydrophilic silica nanoparticles (FNP) were provided by Evonik Industries (Germany).
The primary particle size of FNP is about 7 nm, but in suspension nanoparticles will aggregate
and the size may increase to more than 100 nm. The specific surface area of FNP is around
300 m2/g. Amide-functionalized colloidal silica nanoparticles (ANP) dispersion was purchased
from Sigma-Aldrich (Singapore). The particle size of ANP is less than 30 nm. Surface-modified FNP
with zwitterionic polymer (FNP-MD) were prepared according to the procedure described in Section 3.4.
The nanoparticles were characterized by Cryogenic Transmission Electron Microscopy (Cryo-TEM)
(FEI Titan Krios, Thermo Scientific™, Waltham, MA, USA) and Scanning Electron Microscope (SEM)
(JSM-6700F, JEOL, Japan). Images are shown in Figures 1 and 2. For Cryo-TEM imaging, the sample
(5 μL) was applied onto a grid (Quantifoil, R2/2, Holey carbon film; freshly glow-discharged prior
to use at 20 mA for 60 s) without dilution. Excess of sample was blotted away with filter paper to
leave a thin film on the grid before being vitrified in liquid ethane. Cryo-TEM measurements were
performed on an FEI Titan Krios equipped with automated sample loader and a field-emission gun
(FEG) operating at 300 kV. Images were recorded with Falcon II camera (4 × 4) with magnification of
29,000 and pixel size of 2.873 Å [30]. For SEM imaging, diluted nanofluid was placed on a coverslip.
After dying, the sample was sputtered with gold and ready for SEM imaging. The high voltage was
5.0 kV, working distance ranged from 7.4 mm to 9.1 mm and secondary electron image was used.

Figure 1. Cryo-transmission electron microscope (TEM) image of nanoparticles: (a) fumed
hydrophilic silica nanoparticles (FNP); (b) amide-functionalized colloidal silica nanoparticles (ANP);
(c) surface-modified FNP with zwitterionic polymer (FNP-MD).

Figure 2. Scanning electron microscope (SEM) image of nanoparticles: (a) FNP; (b) ANP; (c) FNP-MD.

2.2. Nanoparticles Suspensions

Five concentrations (0.1, 0.2, 0.3, 0.4 and 0.5 wt. %) of nanoparticles dispersed in lab made
synthetic seawater (SSW) of 3.8 wt. % salinity were used. The recipe of SSW is given in Table 1.
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For FNP and FNP-MD, nanoparticles were weighed and then dispersed in SSW by using a sonicator
(40W for 20 min). For HCl-stabilized FNP suspension samples (FNP-HCl), concentrated aqueous HCl
was added to the suspension of FNP until pH 2.0.

Table 1. Synthetic seawater recipe.

Salts Concentration (g/L) Salts Concentration (g/L)

CaCl2·2H2O 1.76 Na2SO4 4.81
MgCl2·6H2O 11.23 NaCl 27.03

The ANP suspensions were prepared by a dilution of concentrated ANP dispersion sample.
The size of nanoparticles such in suspension was measured using ZetaSizer Nano dynamic light
scattering (DLS) (Malvern Panalytical, Malvern, UK) in a standard 12 mm polystyrene cuvette.
The samples was measured at 25 ◦C without any dilution at 173º backscatter [30]. The measured
particle size for FNP, FNP-MD and ANP are 142.5 nm, 168.3 nm and 21.4 nm, respectively.

2.3. Reservoir Rocks

Two Berea sandstones (BSS) (Kocurek Industries, Inc, Caldwell, TX, US) with low (BSS1) and high
(BSS2) permeability were used. Chalk, limestone and shale were also used in this study. The mineral
composition (by X-ray diffraction) for these rock samples are shown in Table 2. Pure quartz sands
(Sigma-Aldrich, Singapore) were used as well for control experiments.

Table 2. Mineral components of rock samples.

% BSS1 BSS2 Chalk Limestone Shale

SiO2 Quartz 90.87 90.31 – 0.69 2.84
Na AlSi3O8 Albite 0.89 1.89 – – –
KAlSiO8 Sanidine 0.46 0.74 – – –
KAL2(Si3Al)O10(OH,F)2 Muscovite 3.75 3.6 – – 2.07
Al2SiO5(OH)4 Kaolinite 1.92 2.29 – – 1.48
(Mg,Fe)5Al(Si3Al)O10(OH)8 Clinochlore 0.97 0.89 – – –
CaMg(CO3)2 Dolomite 1.13 0.28 – – 1.89
CaCO3 Calcite – – 100 99.31 89.28
Ca5(PO4)3(OH)2 Apatite – – – – 2.44

2.4. Oils

Decane and eight different types of crude oils (CO1-7) were used in this experiment. Crude oil
properties were measured and are given in Table 3.

Table 3. Crude oil properties.

CO1 CO2 CO3 CO4 CO5 CO6 CO7

Saturates 60.66 75.72 84.61 38.48 74.79 26.37 32.94
Aromatics 10.52 17.43 12.76 56.13 19.79 51.90 52.26

Resins 9.68 3.85 2.32 5.33 5.06 20.76 14.80
Asphaltenes 19.15 3.00 0.31 0.07 0.36 1.09 0.00

Density@70 ◦C (kg/m3) 826 793 786 852 782 926 902
Viscosity@70 ◦C (mPa·s) 7.66 2.47 1.90 2.43 1.51 35.61 13.06
Sulphur Content (ppm) 657 491 655 1300 574 3325 1900

Total Acid Number (mg/mg KOH) 0.064 0.475 0.103 0.260 0.239 1.720 1.702
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3. Experimental Methods

3.1. Nanoparticles Suspension Stability

Nanoparticle suspension stability tests were performed by using visual observation and turbidity
scanning. For each type of nanoparticle (FNP, FNP-HCl, FNP-MD and ANP), samples with five
different concentrations (0.1, 0.2, 0.3, 0.4 and 0.5 wt. %) were prepared and put into test tubes, which
were then placed into a heating cabinet at 70 ◦C. Photographs of all test tubes were taken after certain
period of time to show the stability of samples over time. A Turbiscan LAB colloidal stability analyzer
(Formulaction Inc., Toulouse, France) was used to quantify nanoparticle suspension stability. Samples
of nanoparticle suspension were scanned at 60 ◦C with an 880 nm near-infrared light-emitting diode
(LED) source and the transmission and backscattered signals were registered by detectors. Since
nanoparticle size can affect these signals, delta transmission and backscattering were used to determine
nanoparticle stability. The dimensionless turbidity scan index (TSI) defined by the Turbiscan software
(TurbiSoft Lab, 2.2.0.82-2, Toulouse, France) was used to quantify nanoparticles suspension stability.
Some samples need longer scanning time. They were scanned continuously for the first 10 days
then were taken out of the instrument and put into the heating cabinet with a temperature of 60 ◦C.
They were placed back for a single scan every second day. Calculation of TSI is based on comparing
each scan to the previous one for the selected height and dividing the result by the total selected height
in order to obtain a result which does not depend on the quantity of product in the measuring cell.
The lower the TSI value, the better is the stability of the sample. The following equation was used to
calculate the TSI [31].

TSI =
∑

i

∑
h

∣∣∣scani(h) − scani−1(h)
∣∣∣

H
(2)

3.2. Effect of Reservoir Rocks and Crude Oils on Nanoparticle Stability

FNP, FNP-MD and ANP suspensions at 0.1 wt. % concentration were used in this stability test.
The nanoparticle suspension (7 mL) was put into a test tube and 0.2 gm of crushed rock sample was
added. Pure quartz was used as a benchmark for the rock samples. Another set of samples was
prepared with 5 mL nanoparticle suspension and 2 mL oil in test tubes. Decane was used as reference
oil. The test tubes were placed inside a heated cabinet at 70 ◦C.

3.3. Particles Size and pH Measurement of Nanoparticles

The particle size distribution of the nanofluids was measured by DLS until nanoparticles were
fully agglomerated. The pH of nanofluids was measured with a pH meter.

3.4. Preparation of Polymer Modified Nanoparticles

[2-(Methacryloyloxy)ethyl]dimethyl-(3-sulfopropyl) ammonium hydroxide (MEDSAH, 95%,
Aldrich, Singapore), 2-(2-carboxyethylsulfanylthiocarbonylsulfanyl)propionic acid (CTA, 95%,
Aldrich, Singapore), 3-(trimethoxysilyl) propyl methacrylate (MPS, 98%, Aldrich, Singapore),
2,2′-azobis(2-methylpropionamidine) dihydrochloride (V50, Wako Chemicals, Osaka, Japan), fumed
silica (FNP), toluene (high-performance liquid chromatography (HPLC), VWR Chemicals) were used
as received.

In a sealed Schlenk flask, fumed silica was dried under vacuum at 120 ◦C for at least 24 h
before being used. As illustrated schematically in Figure 3, to a dispersion of dried silica (2 g) in
toluene (100 mL) being stirred (1000 rpm) and under argon protection, MPS (3 g) was added using
an argon-purged syringe. The mixture was then heated to 100 ◦C for 12 h. After cooling to room
temperature, the dispersion was centrifuged and washed with fresh toluene (3 times), followed by
ethanol rinsing (3 times). The methacrylate-functionalized silica (SiO2-MPS) was dried under vacuum
at 60 ◦C for 12 h. As-prepared SiO2-MPS (0.5 g) was dispersed in deionized water (25 mL) under
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sonication for 2 h. MEDSAH (2 g), CTA (36.6 mg), V50 (7.8 mg) (MEDSAH/CTA/V50 = 50/1/0.2)
were placed into a dry Schlenk flask. The flask was sealed with a rubber septum and subjected to
4 vacuum/argon cycles. SiO2-MPS dispersion was deoxygenated by bubbling argon for about 1 h and
added to the Schlenk flask using an argon-purged syringe. The mixture was heated at 60 ◦C under a
stirring rate of 700 rpm. After 24 h, the dispersion was cooled to room temperature, and washed with
deionized water for 8 times. The polymer-coated silica (SiO2-MEDSAH) was dried under vacuum at
80 ◦C for 24 h.

Figure 3. Schematic of preparation polymer modified nanoparticles.

4. Results and Discussion

4.1. Nanoparticle Suspension Stability Tests

Four types of nanoparticle suspensions (FNP, FNP-MD, ANP and FNP-HCl) were used in the
stability tests. The stability of nanofluids was determined by visual observation and quantified by
turbidity scanning analysis. The time when nanoparticle agglomeration occurred for each sample was
recorded and is given in Table 4. It can be seen that the unmodified fumed silica (FNP) suspensions had
the worst stability. All samples agglomerated and settled within one day. The polymer modified fumed
silica (FNP-MD) suspensions had the best stability. All five samples with different concentrations were
still stable after thirty days. Adding HCl to fumed silica (FNP-HCl) delayed nanoparticle agglomeration.
For fumed silica suspensions, stability increased with decreasing nanoparticle concentration. However,
ANP colloidal suspensions showed the opposite trend. The reason is that acid was used to stabilize
concentrated ANP suspension by manufacturer, so that 0.5 wt. % diluted sample (pH 4.1) had a lower
pH than the 0.1 wt. % diluted sample (pH 5.3).

Table 4. Nanoparticles stability screening test.

Days Until Agglomeration Was Observed

NPs Conc. (wt. %) FNP FNP-MD FNP-HCl ANP

0.1 1 – – 1
0.2 1 – 25 8
0.3 <1 – 15 25
0.4 <1 – 12 –
0.5 <1 – 10 –

–: no nanoparticles agglomeration was observed within 30 days.

The turbidity scanning tests were performed for nanoparticle suspensions of 0.1 wt. % concentration
at 60 ◦C (instrument limit). As an example, Figure 4 shows the delta transmission (difference of
transmission single strength between subsequent scans and initial scan) scanning results for FNP and
FNP-MD samples, in which FNP was scanned for one day and FNP-MD was scanned for 10 days
continuously. In Figure 4, the blue curve indicates the initial scan and the red curve indicates the
final scan. The X axis indicates the sample height (left = bottom of the vial) and the Y axis indicates
the delta transmission single strength (in %). As shown in Figure 4a, the FNP nanofluid underwent
a strong change in stability. Between 0 h to around 14 h (blue to green), the transmission single
strength reduced slightly, which showed that nanoparticle agglomeration occurred and average particle
size increased, but nanoparticles were still suspended. However, when the particle size increases to

59



Nanomaterials 2020, 10, 1522

a critical value where gravity dominates, the sedimentation of nanoparticles occurs. In Figure 4a,
this phenomenon happened after around 14:30 h and a marked change of delta transmission curves was
observed. With more nanoparticle sedimentation, the transmission single strength declined strongly at
the bottom of the FNP sample. On the contrary, due to clarification the transmission single strength in
the middle and top of the sample increased back to the initial value. In Figure 4b, no significant change
of transmission single strength was observed for polymer modified FNP nanofluid over ten days,
indicating that it has a good stability compared with the unmodified FNP nanofluid. This result also
showed that after surface modification the repulsion force was strong enough to keep nanoparticles
apart from each other, so that no agglomeration was detected over ten days.

Figure 4. Delta transmission scanning results of nanofluid samples. (a): FNP (for one day); (b): FNP-MD
(for 10 days).

The TSI values of the samples were calculated based on transmission scanning results and plotted
versus time (Figure 5). It can be seen that both FNP-HCl and FNP-MD had relatively low TSI values
over 30 days, which means that these two samples had a good stability. However, TSI values for FNP
and ANP samples increased very fast to a plateau and stayed constant after one day, which indicated
that the nanoparticles had agglomerated, settled and lost their stability. This result is consistent with
test tube observations.
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Figure 5. Turbidity scan index (TSI) results for nanoparticles suspensions.

4.2. Effect of Reservoir Rocks on Nanoparticle Stability

Five reservoir rocks (Berea sandstone 1 and 2, chalk, limestone and shale), as well as pure quartz
sand as a control mineral, were used in this experiment. FNP, FNP-MD and ANP suspensions with
0.1 wt. % concentration were used. Photographs of all samples in test tubes were taken for nanoparticle
stability observation. Particle size and pH of nanoparticle suspensions were measured to investigate
the mechanisms for stabilization or destabilization of nanoparticles due to the presence of rock samples.
The photographs for FNP, FNP-MD and ANP suspensions with rock samples are shown in Figures 6–8.
The results of pH and particle size measurements are shown in Figures 9–11. As evident from Figures 6
and 7, reservoir rocks had a significant effect on the stability of FNP and ANP, especially for limestone,
chalk and shale. These three rocks have very high calcite content (see Table 2), so they could react
with H+ in the nanoparticle suspensions. In Figures 9 and 10, the pH value of limestone, chalk and
shale samples increased to pH 7 quickly, and this neutral pH is not favorable for nanoparticle stability.
Thus, fast nanoparticle agglomeration was observed. The Berea sandstones also had an effect on FNP
and ANP suspension stability. Nanoparticle agglomeration was observed for BSS1 earlier than for
BSS2. The reason might be the higher dolomite content in BSS1 (Table 2), which leads to a quicker pH
increase of the suspensions, therefore the nanoparticle size in BSS1 samples increased faster than in
BSS2 samples (Figures 9 and 10). No significant effect of quartz sands on FNP stability was observed,
while quartz sands stabilized ANP for longer time (Figure 7) compared with the stability result of ANP
without quartz sands shown in Table 4; and particle size increased much slower than others (Figure 10).
The reason for this phenomenon is unknown and needs further study. For FNP-MD suspensions
(Figure 8), there was almost no effect of the rocks on the nanofluid stability, except for limestone.
As shown in Figure 11, the pH increased in all reservoir rock samples, but FNP-MD nanofluids were
still stable after 30 days in the heating cabinet, even though the particle size increased in chalk and shale
samples. For some unknown reason, limestone destabilized the FNP-MD suspension. Since limestone
has a similar mineral composition like chalk, more tests need to be done to determine the mechanism
of this phenomenon.

61



Nanomaterials 2020, 10, 1522

Figure 6. FNP suspensions with reservoir rocks: (a), Day 0; (b), Day 1; (c), Day 3. (1: BBS1; 2: BSS2; 3:
quartz; 4: limestone; 5: chalk; 6: shale).

Figure 7. ANP suspensions with reservoir rocks: (a), Day 0; (b), Day 1; (c), Day 3. (1: BBS1; 2: BSS2; 3:
quartz; 4: shale; 5: chalk; 6: limestone).

Figure 8. FNP-MD suspensions with reservoir rocks: (a), Day 0; (b), Day 7; (c), Day 30. (1: BBS1; 2:
BSS2; 3: quartz; 4: limestone; 5: chalk; 6: shale).
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Figure 9. pH and particle size measurements for FNP suspension with different rocks.

Figure 10. pH and particle size measurements for ANP suspension with different rocks.

Figure 11. pH and particle size measurements for FNP-MD suspension with different rocks.

4.3. Effect of Crude Oils on Nanoparticle Stability

Seven crude oils with different properties were used in this study, decane was used as a control
oil. FNP, FNP-MD and ANP suspensions with 0.1 wt. % concentration were used. Photographs
of all samples in test tubes were taken for nanoparticle stability observation. For FNP nanofluids
(Figure 12), crude oils had no obvious effect on their stability. Only nanoparticle agglomeration delay
was observed in the CO4 sample on the first day. FNP-MD showed a good stability in the presence of
crude oils and was still stable after 30 days in the heating cabinet (Figure 13). For ANP suspension,
nanoparticle sedimentation occurred in CO1 and decane samples on day 1, and all samples aggregated
on day 3 (Figure 14). For samples with CO2, CO3, CO4 and CO5, nanoparticle sedimentation appeared
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yellowish. This might be due to migration of some components of the crude oil into the aqueous
suspension which adsorbed on the nanoparticle surface, which indicates that crude oil has the potential
to affect the structure of nanoparticles in suspension.

Figure 12. FNP suspensions stability screening with different type of oils: (a), Day 1; (b), Day 2; (1: CO1;
2: CO2; 3: CO3; 4: CO4; 5: CO5; 6: CO7; 7: CO6; 8: Decane).

Figure 13. FNP-MD suspensions stability screening with different type of oils: (a), Day 1; (b), Day 30;
(1: CO1; 2: CO2; 3: CO3; 4: CO4; 5: CO5; 6: CO6; 7: CO7; 8: Decane).

Figure 14. ANP suspensions stability screening with different type of oils: (a), Day 1; (b), Day 3;
(1: CO1; 2: CO3; 3: CO5; 4: CO2; 5: CO7; 6: CO6; 7: CO4; 8: Decane).
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5. Conclusions

Stability screening tests were performed for a range of unmodified and surface-modified silica
nanoparticles, as well as silica nanoparticles with HCl as stabilizer by using methods of stability
visualization and turbidity scanning. The results showed that surface modification with polymer
and addition of HCl can improve stability of fumed silica nanoparticles under high-temperature and
high-salinity conditions remarkably. The turbidity scanning method is a quite useful technique for
nanoparticle stability studies, it can reveal nanoparticle agglomeration and sedimentation processes
and also quantify nanoparticle stability. The effect of reservoir rock samples and crude oils on
nanoparticle stability was also examined. It was found that chalk, limestone and shale destabilized
fumed silica nanoparticles and colloidal silica nanoparticles quickly, while they had no obvious
influence on the stability of polymer-modified fumed silica nanoparticles. It was also observed
that the Berea sandstone containing more dolomite destabilized fumed silica nanoparticles and
colloidal silica nanoparticles faster than low dolomite content Berea sandstone. The mechanism of these
destabilizations is probably the reaction between carbonate minerals and H+ of the nanofluid, leading to
a pH increase that accelerated the agglomeration of nanoparticles. However, polymer-modified fumed
silica nanoparticles showed a good long-term stability. Quartz sands could stabilize colloidal silica
nanoparticle longer than the blank stability test without quartz sands in aqueous suspension. Crude oils
had limited effect on fumed silica nanoparticle and colloidal silica nanoparticle stability and no obvious
trend was observed, only agglomeration delay was observed in a few samples. Some components of
crude oil migrated into the colloidal silica nanoparticle suspensions. Polymer-modified fumed silica
nanoparticles had a good stability in the presence of crude oil over 30 days.
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Abstract: Recently, the combination of conventional chemical methods for enhanced oil recovery
(EOR) and nanotechnology has received lots of attention. This experimental study explores the
dynamic changes in the oil configuration due to the addition of nanoparticles (NPs) to biopolymer
flooding. The tests were performed in water-wet micromodels using Xanthan Gum and Scleroglucan,
and silica-based NPs in a secondary mode. The microfluidic setup was integrated with a microscope
to capture the micro-scale fluid configurations. The change in saturation, connectivity, and cluster size
distributions of the non-wetting phase was evaluated by means of image analysis. The biopolymer
content did not affect the ability of the NPs to reduce the interfacial tension. The experiments showed
that the reference nanofluid (NF) flood led to the highest ultimate oil recovery, compared to the
Xanthan Gum, Scleroglucan and brine flooding at the same capillary number. In the cases of adding
NPs to the biopolymer solutions, NPs-assisted Xanthan flooding achieved the highest ultimate oil
recovery. This behavior was also evident at a higher capillary number. The overall finding suggests a
more homogenous dispersion of the NPs in the solution and a reduction in the polymer adsorption
in the Xanthan Gum/NPs solution, which explains the improvement in the sweep efficiency and
recovery factor.

Keywords: enhanced oil recovery; chemical flooding; biopolymer; silica nanoparticles; microfluidics

1. Introduction

One of the most common enhanced oil recovery (EOR) techniques is polymer flooding. That is
described by adding polymer molecules to the aqueous injected phase aiming to increase the viscosity
of the solution to be injected, reducing the mobility ratio of water to oil and to controlling the fingering
effects. However, polymer waterfloods are highly probable to result in permeability reduction [1].
In addition, polymer flooding may be considered as an improved waterflooding method rather than
an EOR method, since it does not ordinarily unlock the isolated residual oil by water in the porous
medium [2]. The efficiency of a polymer flooding is related to three aspects: (1) the reduction in the
injected fluid mobility, (2) polymer alteration of fractional flow curves, and (3) diversion of the injected
water from swept areas [3].

The Xanthan Gum and Scleroglucan are two types of microbial-origin biopolymers. The first
polymer is obtained from the microorganism Xanthomas Campestris [4], and the second is a class of
fungal polysaccharides secreted extracellularly by fungi of the genus Sclerotium [5]. Xanthan Gum is
an anionic polymer with an estimated molecular weight of 2.65 Million of Daltons, the Pyruvate and
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Acetate content are 0.9%, and 3.52%, respectively [6]. The Scleroglucan is a neutral β-1, 3-β-1,6-glucan.
X-ray diffraction shows a triple-helical conformation in the solid-state [7]. In aqueous solution,
the Scleroglucan molecule exists in a stiff, triple-stranded helical structure, where side chains are
exposed toward the exterior [8]. The Scleroglucan molecular weight is approximately 5.2 Million of
Daltons [9].

The biopolymers have been applied in the North Alma Penn unit [10]. In the early stages of the
waterflooding and using concentrations from 250 ppm to 304 ppm, the results showed no damage in
the formation, and the decline in the water production in some production wells could be attributed to
the positive effect of the biopolymers. In the case of the field Eddesse-Nord sandstone in Germany [11],
the implementation of a Xanthan Gum pilot project at 800 ppm of concentration showed successful
injection results, in terms of lower values of adsorption than expected and low degradation effects.

Nanotechnology has received much attention in different engineering disciplines in the oil industry.
An important example is the positive impact on the oil recovery factor because of the improvement
in the sweep efficiency and reduction in the trapped oil by the capillary pressure [12–14]. The four
mechanisms investigated in literature as oil displacement mechanisms by NPs are disjoining pressure
gradient at oil–NPs interface, the density difference between water and NPs, wettability alteration,
and reduction in interfacial tension [15]. The disjoining pressure is defined as the pressure required
to oppose the fluid/solid attractive forces and lift the film from a solid surface. In other words,
this pressure represents the net pressure difference between the pressure in a thin film and that in the
bulk liquid from which the thin film extends [16]. The density difference between the nanoparticle
and the water drives the particles to agglomerate in the smallest pores and throats. That difference
generates an increase in the pressure, which mobilizes the oil in the adjacent pores [17]. NPs have
the ability to alter the wettability from oil-wet to neutral or more water-wet surface [15]. The use of
hydrophilic silica NPs has shown a reduction in the interfacial tension between the brine and oil when
the concentration of NPs increases [18,19].

In the last decade, the combination of the polymer flooding technique and NPs has been
investigated as a promising method to reduce trapping efficiency. NPs (silica NPs, surface-modified
silica NPs, or nanoclay) have been added to polymer solutions (hydrolyzed polaycarylamide (HPAM)
or Xanthan Gum (XG)) to improve the performance of polymer waterflooding. A micromodel-study
presented that silica NPs and HPAM flooding increased the oil recovery by 10% of original oil in place
(OOIP) than polymer flooding due to the wettability alteration mechanism [20]. Another micro-scale
study [21], presented that the efficiency of the pore-to-pore displacement of heavy oil was improved
by an increase in the concentration of silica NPs in polaycarylamide (PAM) solutions, even when
salt was present in the system. That was explained by ion-dipole interactions between the NPs and
cations reducing the polymer degradation. Their study shows that alteration is more effective at
lower polymer concentrations. However, for field applications, the use of HPAM is more common
than PAM due to dilution problems of PAM. Cheraghian and Khalilinezhad, 2015 [22] tested the
addition of nanoclay (at three concentrations: 0.8, 0.9, and 1.0 wt.%) to polymer flooding (at different
concentrations of HPAM) on core-scale. They found that the best recipe resulted in incremental heavy
oil recovery by a factor of 5% of OOIP in comparison to polymer flooding after one pore volume
fluid injection. Another experimental work showed that silica NPs and nanoclay increased the PAM
solution viscosity and decreased its adsorption onto the rock [23]. The core-scale work by Saha et al.,
2018 [24] showed that nanoparticle assisted polymer (Xanthan Gum) flooding was effective for EOR
applications in heavy crude oil systems. Based on the stability analysis of silica NPs, the NPs were
more stable in the polymer solution than in water. Besides, the viscosity of the polymer solution
improved, and the interfacial tension reduced after the addition of NPs. A considerable improvement
in sweep efficiency was observed by adding surface-modified silica NPs to XG solutions, but not to
HPAM solutions [25]. Mohammadi et al., 2019 [26] studied the effect in the rheology of polymeric
solutions with silica NPs. Their results showed that the viscosity of PAM solutions increased when the
concentration of NPs was respectively 0.5, 1.0, 1.5, and 2.0 wt.%. A faster increase in thickness occurred
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when the concentration was higher than 1.5 wt.% at 25 ◦C. This point corresponds to the critical
nanoparticle concentration (CNC). Kennedy et al., 2015 [27] found in a rheological study that Xanthan
Gum exhibited shear-thinning over the entire shear rate range and enhanced the viscosity and the
storage moduli with the increasing particle concentration. This phenomenon created larger domains of
the associated polymer gel as a result of the interaction between the polymer and the particles.

Microfluidics has become a vital research area in the petroleum industry. It is highly appreciated
owing to significantly improving our current understanding of pore-scale displacement events
and interactions occurring within tiny fluid volumes, moving within well-defined pore-structures.
In addition, it enables capturing the dynamic changes within the medium with a high spatial and
temporal resolution. The energy and chemicals fed to a microfluidic setup are much less compared to
the core-flooding apparatus, which lowers costs and risks. The heavy and conventional core flooding
setup is reduced to a smaller apparatus with a higher level of accuracy and significant observations,
more tests can be performed to validated and compare different flooding scenarios and the result takes
part in the selection criteria previous to more complex tests like core-flooding.

The ratio of the viscous forces to the capillary forces defined as the capillary number (Nc),
see Equation (1), indicates what forces dominate the flow regime, viscous or capillary flow. Where Vw

is the interstitial velocity, μ is the viscosity and σow is the interfacial tension between the fluids involved
in the displacement. In conventional brine flooding, the increase in the injection rate (higher capillary
number) can reduce the trapped oil in the reservoirs and glass-bead packs [28,29]. In the case of fluids
with NPs, the tendency is different because the NPs require time to modify the wettability of the
surface by disjoining pressure [29] or because at higher rates the particles agglomerate in the porous
media [13,29]:

Nc =
Vw μw

σow
. (1)

The water injectivity (Iw) during a water flooding process through a porous media is proposed by
Civan, 2016 [30] in Equation (2) where qw is the water rate and ΔP is the pressure difference across the
porous medium:

Iw =
qw

ΔP
. (2)

The injectivity index was used in this work to evaluate the effect of each solution during the
displacement, according to a reference solution (brine in the case of the fluids without NPs and NPs in
the case of the solution with silica NPs). That is calculated using Equation (3):

Iindex =
Ipolymer

Ire f erence
. (3)

Modeling these phenomena is challenging. Simulation models need to take into consideration
a multi-phase multi-component interactive system. It is necessary to represent the effects of the
nanoparticles on the interfacial tension, capillary pressure, and wettability. Polymer flooding also
includes interactive phenomena. The non-Newtonian behavior of the polymer solutions requires
local and instantaneous determination of the displacing fluid viscosity as a function of shear rate
and polymer concentration. However, retention and degradation phenomena strip polymer from
the solution, which justifies the multicomponent approach. Changes in local permeability can take
place because of polymer adsorption. All those phenomena have recently received close attention,
and semi-analytical procedures [31] or commercial simulators [32] are progressively coupling their
effects on chemical enhanced oil recovery. Nevertheless, the associative contributions of nanoparticles
and polymer is new, opening opportunities for developments in this area.

In this work, we study the improvement in the sweep and the displacement efficiencies by the
polymer flooding using Xanthan Gum and Scleroglucan assisted with silica NPs. Both phenomena
were evaluated independently and simultaneously from two-dimensional (2D) image analysis obtained
during microfluidics tests in water-wet glass micromodels and translated in terms of oil recovery
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factor and injectivity loss. The combination of both chemicals represents an environmentally friendly
alternative to improve conventional water flooding. This study also provides new insight into the
application of NPs in the oil and gas industry

2. Materials and Methods

2.1. Biopolymers, NPs, and Brine

Two different types of dry based biopolymers; Xanthan Gum and Scleroglucan were diluted in
deionized water to reach a concentration of 0.4 wt.%. To have full hydration of the polymers, they were
mixed using a magnetic stirrer for 24 h for the Xanthan Gum and seven days for the Scleroglucan at
room temperature. Those solutions are the stock to prepare the dilutions.

The silica nanoparticle used in this study is a special laboratory research development for Evonic.
The name of AEROSIL® originally markets the product. The main component was silicon dioxide with
other minor parts of alumina. The provided particles have attached chains of polymers to their surfaces
to ensure long-term stability in solution. This type of nanomaterial is known as polymer-coated silica
nanoparticles. The solution in gel was supplied as by the name AERODISP®. The charge of this
type of nanoparticle is anionic equal to the Xanthan Gum, while Scleroglucan molecule is neutral.
The properties of the NPs are given in Table 1. The 3 wt.% sodium chloride brine was prepared using
a magnetic stirrer for 30 min in deionized water. The density was 1.019 g/cm3, the viscosity of the
solution was 1.04 mPa·s and the pH is 6.52. All the values were measured at room temperature (22 ◦C).

Table 1. Properties of the stock liquid surface-modified silica NPs solution.

Properties Value

NPs concentration 26 wt.%
Basis SiO2 (sol-gel-anionic)

Modification Polymer
Average Size 32 nm

Solvent Deionized water
Specific surface area 140–220 m2/g

Three groups of dilutions were prepared from the stock solutions. The first group is composed
of the brine and the 0.1 wt.% NPs solution. In the second group, two polymeric solutions were
prepared using biopolymers, Xanthan Gum or Scleroglucan, and in the last group, at each polymeric
solution, NPs were added. Overall, six solutions were prepared in the concentrations shown in Table 2.
Each solution was mixed for 30 min using a magnetic stirrer at 500 rpm and the solutions were stored
at 4 ◦C.

Table 2. Solutions composition.

Solution Type Sample Name
Polymer

Concentration
(wt.%)

NPs
Concentration

(wt.%)

Brine
Concentration

(wt.%)

Brine Brine 0 0 3.00
Nanoparticle NF 0 0.100 3.00
Xanthan Gum XG 0.016 0 3.00
Scleroglucan SCL 0.025 0 3.00

Xanthan Gum/NP XG_NP 0.016 0.100 3.00
Scleroglucan/NP SCL_NP 0.025 0.100 3.00

2.2. Crude Oil

Dead oil from the North Sea was used in this study. The filtration process was performed using
a filter whose pore size was 1.1 μm. The density and viscosity measured at 22 ◦C were 0.892 g/cm3
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(27 ◦API), and 21.9 mPa·s, respectively. Saturate, aromatic, resin and asphaltenes (SARA) analysis
showed that the oil contains 71.57% of saturates, 20.81% of aromatics, 7.44% of resins and 0.18%
of asphaltenes.

2.3. Glass Micromodel

Borosilicate glass micromodels chips were used in the study (Figure 1). Those models represent a
real porous media network, and under a microscope, due to the clear optical properties from all sides,
allowing the understanding of the flow dynamic behavior of the wetting and non-wetting phases in
a displacement process. The size of the chip was 45 mm × 15 mm and the thickness was 1800 μm.
The dimensions of the pore-network were 20 mm × 10 mm and the thickness was 20 μm. According to
the manufacturer specifications for the chip, the pore volume was 2.3 μL, the porosity was 57% and the
permeability was 2.5 Darcy. The porosity value was also confirmed by the image analysis. Single-phase
flooding tests were performed to estimate the liquid permeability of the pore-network according to the
work presented by Pradhan et al., 2019 [33]. The network permeability was around 8.3 Darcy.

Figure 1. Pore-network of the glass micromodel used in this study (Blue: grain area; brown: pore area).

2.4. Micromodel Setup

The micromodel was attached to an aluminum platform of 128 mm × 85.4 mm × 20 mm that
operates at a maximum of 10 bar of pressure and 80 ◦C. The inlet and outlet ports are connected using
Teflon tubing. The visualization was done under a microscope equipped with a digital camera used
to capture images every 30 s. The fluids were injected using a syringe pump. A pressure transducer
was adapted in the inlet and outlet lines to record the pressure during the recovery agent injection.
Figure 2 shows a representation of the micromodel set up.

Figure 2. Diagram of the micromodel flooding setup.

2.5. Interfacial Tension and Contact Angle

The interfacial tension test was made using a drop shape analyzer and using a J-shaped needle
with a diameter of 1.001 mm. The fluid container dimensions are 30.0 mm length, 20.0 mm width and
30.6 mm height, at room conditions. The pendant drop method was used to analyze the drop shape
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of oil against the aqueous phase and with the Young-Laplace equation (Equation (4)) to calculate the
interfacial tension.

σ =
Δρ·g ·Ro

β
(4)

where:

σ = interfacial tension.
g = gravitational constant.
Ro = radius of drop curvature.
β = shape factor.
Δρ = density difference

The measurement was performed for all solutions for 2 h to reach the equilibrium condition and
it was repeated to confirm the result.

The contact angle between a drop of crude oil and the polymer solutions was measured using
the same apparatus. The solid surface used was glass and the oil drop was placed under the surface
(captive bubble method).

2.6. Nanosize Distribution

The particle size distribution is measured using a Dynamic Light Scattering (DLS) instrument.
The apparatus is a Zetasizer Nano series, where the diameter of the sphere that diffuses in the solution
is measured from the Brownian motion of the particles in a sample. DLS and established theories were
used to determine the particular size distribution and the relationship with the diffusion speed.

2.7. Microfluidics Tests

All tests were developed using a secondary methodology to evaluate the effect of different recovery
agents in terms of oil recovery factor, pressure drop and sweep efficiency. The chips were cleaned
using toluene, methanol, acetone, and distilled water and then dried in an oven at 60 ◦C overnight.
The brine saturation was performed under vacuum (~80 mTorr). The brine was injected at different
rates to push out any remaining air in the chip.

The oil injection was performed at 1, 10, 20, 30, 70 and 100 μL/min until no more water was
produced. Under this condition, the remaining brine in the chip is the connate water and the oil
saturation is the maximum. The microfluidic tests were divided into three parts. The first four tests
were performed at a capillary number of 1 × 10−6 in order to evaluate the biopolymer solutions in
comparison with the brine at the same flow regime. In the second part, two more experiments were
developed at the 2 × 10−6 capillary number. In this case, Xanthan Gum solutions assisted with the NPs
and the reference nanofluid (NF) were studied. Finally, the next two tests evaluated the reference NF
and the Xanthan Gum solution with NPs at a higher capillary number by increasing the flow rate to
0.39 μL/min to see the effect of a high rate injection on the performance of the solutions. The recovery
agent was injected until no more oil was produced. Due to the differences in the performance of
each solution, different amounts of fluid are necessary to reach steady-state conditions in each test.
The dynamic study was made taking images every 30 s during the recovery agent injection and the
automatic image analysis was done using a Matlab routine. The time was reported as porous volumes
injected (PVI). This was calculated from the porous volume of the entire chip. However, the image
analysis was performed in a representative area located in the center of the chip, which is 40% of the
total area. The segmentation uses the color thresholding method to extract the oleic phase. That results
in binary images were analyzed to evaluate the total area of oil and the number, size, and distribution
of the clusters as the function of the time and the characteristic Euler number. According to [34], for a
2D image, the Euler number is defined as the number of connected components—the number of holes.
Figure 3a,b show the initial condition Swi (initial water saturation) and the final condition Sor (residual
oil saturation) from the original images of the micromodel, where the oleic phase corresponds to the
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yellow part. The images after the treatment are shown in Figure 3c,d, where the white area corresponds
to the oleic phase and in black refers to the porous media, brine and recovery agent.

Figure 3. Original and segmented images of the pre- and post-flooding state in the microchip: (a) initial
water saturation—original; (b) residual oil saturation—original; (c) initial water saturation—segmented;
(d) residual oil saturation—segmented.

3. Results

3.1. Fluids Characterization

The use of polymeric solutions has the objective of increasing the viscosity of the solution to be
injected to reduce the mobility ratio between the oil and the injected fluid. In this study, the biopolymers
increased the viscosity of the brine more than two times. A little additional increase in thickness was
reached when the NPs were added, except for the Xanthan Gum where the viscosity reduced by 2.65%.
The NPs increased the pH of the solution on an average of 6.21%. Density measurements were based
on the oscillation U-tube method. No considerable changes in the results of density measurements of
the aqueous solutions were observed after adding NPs. The measured values of the viscosity and the
density of the filtered crude oil sample from the North Sea (Dead Oil) were 21.9 mPa·s, and 0.892 g/cm3,
respectively. The results are shown in Table 3.

Table 3. Density, viscosity, pH and nano-size distribution results of the fluids used in this study.

Fluid Density (g/cm3) Viscosity (mPa·s) pH Nano-size Distribution

Brine 1.019 1.04 6.52 -
NF 1.021 1.07 6.72 64.82
XG 1.020 2.26 6.00 -
SCL 1.020 2.44 6.84 -

XG_NP 1.021 2.20 6.60 31.87
SCL_NP 1.021 2.46 7.22 31.48
Dead_Oil 0.892 21.9 - -

3.2. Nano-Size Distribution

According to the supplier of the silica-NPs, the average size of the NPs is 32 nm. Even so,
measurement of nano-size distribution was conducted to confirm the distribution of the NPs into the
solutions (Table 3). The results showed 64.82 nm for the NF solution without biopolymers. This value is
higher than that reported by the supplier because some particles could be agglomerated. That difference
on the agglomeration is not significate, but besides that, the measurements were performed under static
conditions. Therefore, agglomeration with higher nano-size distribution could happen under dynamic
flow conditions through the porous media. This behavior is probably controlled when the biopolymers
is added in the solution, which showed values for the average size of 31.87 nm for XG_NP and 31.48 nm
for SCL_NP. This result could indicate a better distribution of the NPs when the biopolymers are in
the solutions.
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3.3. Interfacial Tension and Contact Angle

The addition of hydrophilic silica NPs into the brine-oil system reduced the interfacial tension
(IFT). Comparing the brine (Figure 4a) with the NF solution (Figure 4b), the IFT of the oil-NPs solution
is one-third of the oil-brine system. When the biopolymer is present in the solution, the interaction
between the polymers and the NPs did not affect the reduction due to NPs. The polymers slightly
improved the reduction effect in the interfacial tension.

Figure 4. (a) Interfacial tension-free of NPs and (b) Interfacial tension in solutions with NPs.

In the case of the contact angle, the behavior is similar to the IFT, where the NPs at 0.1 wt.%
reduced the contact angle by 36% in comparison with the brine. However, when the biopolymers are
in the solution, the reduction in the contact angle was less evident, showing values within 25% on
average. Those results are shown in Figure 5.
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Figure 5. Results of the contact angle measurement for the fluids used in this study.

3.4. Microfluidic Experiments

The screening process was made as a function of the type of fluids. For this reason, the flow regime
was maintained constant based on the concept of capillary number. The porous media and the oil
phase were the same for all tests. Secondary injection methodology and water-wet glass micromodels
were used in the microfluidics tests. The initial water saturation was established by using a brine with
3 wt.% sodium chloride in all experiments. The same methodology was performed for brine and oil
saturation to have the same initial condition previous to the recovery agent injection. The validation of
the methodology was done performing arbitrarily the third test (SCL) more than one time. The results
showed relative difference of 2.87% in the ultimate oil recovery factor at 3.4 PVI. That difference was
considered as acceptable for the objective of the paper and was used as an argument to validate the
microfluidic laboratory methodology used in this work.

3.4.1. Microfluidic Screening of Biopolymer Solutions

In the first part of the study, three microfluidics tests were performed. The capillary number
was constant at 1 × 10−6 to have the same flow regime in the porous medium. The flow rate for each
test is shown in Table 4. In this case, brine with the biopolymers Xanthan Gum and Scleroglucan
were evaluated.

Table 4. Biopolymer and NPs solutions flow rate selection at 1 × 10−6 capillary number.

Test No.
Recovery

Agent
IFT

(mN/m)
Flow Rate
(μL/min)

Capillary
Number

Swi
Ultimate Oil Recovery

(frac. of OOIP)

1 Brine 18.58 0.121 1 × 10−6 0.13 0.76
2 XG 19.38 0.058 1 × 10−6 0.16 0.77
3 SCL 16.00 0.044 1 × 10−6 0.20 0.69

The biopolymers solutions as a recovery agent were studied and compared with conventional
water flooding. According to Figure 6a, the Scleroglucan showed poor behavior obtaining the lowest oil
recovery factor (69%) and the most delayed equilibrium point (3.8 PVI). The second biopolymer, Xanthan
Gum, reached the same recovery as the brine (76%). However, the production with the biopolymer
injection reaches the steady-state after the first porous volume injected, while the brine takes 2.4 PVI to
reach the equilibrium. In terms of the number of oil clusters (Figure 6c) and oil connectivity (Figure 6b),
the remaining number of clusters, the results for Xanthan Gum and Scleroglucan were the same, but the
connectivity between those oil bodies was higher for the Scleroglucan. Finally, Figure 6d shows the
relation between the number and size of the clusters. The tendency is similar for the brine and the
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Xanthan gum. In the case of the Scleroglucan, the graph indicates bigger remaining oil clusters after
reaching the steady-state flow condition. Table A1 (Appendix A) shows the segmented images of the
chip during the injection for each solution as a function of the porous volume injected (PVI).

The pressure response during the recovery agent injection is shown in Figure 6e. The results have
a concordance with the flow rate, and in consequence, higher rates correspond to higher differential
pressure. The hydrodynamic resistance during polymer flooding generate a pressure increase during
the injection of the fluids without NPs. In terms of the injectivity index, Figure 6f shows a reduction in
the injectivity when the biopolymers are injected in comparison with the brine injection.

Figure 6. Microfluidic results for screening of biopolymer solutions at Nc = 1 × 10−6: (a) Oil recovery
factor; (b) Normalized Euler number; (c) Number of clusters; (d) Normalized cumulative oil volume;
(e) Differential pressure; (f) Injectivity index.
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3.4.2. Effect of Adding NPs to Xanthan Gum Solutions

In the second part of the study, two more microfluidics tests were performed to evaluate the effect
of the NPs and biopolymer as recovery agents. The capillary number was 2 × 10−6. The details for each
test are shown in Table 5. NPs-assisted Scleroglucan flooding was not successful for the investigated
application due to significant injectivity problems.

Table 5. Biopolymer and NF flow rate selection at 2 × 10−6 capillary number.

Test No.
Recovery

Agent
IFT

(mN/m)
Flow Rate
(μL/min)

Capillary
Number

Swi
Ultimate Oil

Recovery

4 NF 6.19 0.078 2 × 10−6 0.17 0.84
5 XG_NP 5.92 0.039 2 × 10−6 0.14 0.88

Figure 7. Microfluidic results showing the effect of adding NPs to xanthan gum solutions at
Nc = 2 × 10−6: (a) Oil recovery factor; (b) Normalized Euler number; (c) Number of clusters;
(d) Normalized cumulative oil volume; (e) Differential pressure; (f) Injectivity index.
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The effect of the NPs in the Xanthan Gum solution was studied as a function of the oil recovery
factor and the non-wetting clusters. Figure 7a showed an increase in the ultimate recovery from
84% for the NF solution to 88% for the Xanthan Gum solution with the silica NPs. For both fluids,
the steady-state is reached after the injection of one pore volume. According to Figure 7b,c, the number
of oil clusters and the connectivity was lower to the NF system compared to the biopolymer/NP system.
However, Figure 7d showed that the size of the clusters is smaller for the solution with Xanthan Gum
and for this reason, the recovery is higher. The segmented images used in the calculus are shown in
Table A2 (Appendix A) as a function of the time (PVI) for each recovery agent.

In the case of differential pressure, hydrodynamic resistance generates a pressure increase.
However, after the end of the oil production, the pressure decreases due to the difference in the fluid
viscosity. Figure 7e shows that the ΔP for XG_NP decreased to a third compared to the NF fluid.
The relation between the injection rate and the differential pressure in terms of the injectivity index
(Figure 7f) shows an improvement in the injectivity of the system biopolymer-NPs in comparison with
the solution without Xanthan Gum at Nc = 2 × 10−6.

3.4.3. Effect of the Flow Rate on the Recovery Performance

In the third part of the study, two more microfluidic tests were performed at a high and constant
rate to evaluate the effect of the biopolymer on the NPs behavior in an unfavorable flow regime scenery
for the NPs. The properties of each test were shown in Table 6.

Table 6. Biopolymer and NF flow rate selection of 0.39 μL/min.

Test No.
Recovery

Agent
IFT (mN/m)

Flow Rate
(μL/min)

Capillary
Number

Swi
Ultimate Oil

Recovery

6 NF 6.19 0.39 1 × 10−5 0.18 0.78
7 XG_NP 5.92 0.39 2 × 10−5 0.14 0.85

In Figure 8a, the Xanthan Gum with the silica reached a higher recovery (85%) in comparison
with the solution free of the biopolymer (78%). Additionally, the steady-state was reached faster for
the biopolymer/NPs system. The study of the clusters in Figure 8b,c shows a higher number of clusters
and higher connectivity for the XG_NP recovery agent. Nevertheless, according to Figure 8d, the size
of the oil bodies was bigger in the NF flooding. In consequence, the biopolymer improved the sweep
efficiency. Those graphs were built using the segmented images shown in Table A3 (Appendix A).

Figure 8. Cont.
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Figure 8. Microfluidic results showing the effect of a higher flow rate (0.39 μL/min) on the
recovery performance: (a) Oil recovery factor; (b) Normalized Euler number; (c) Number of clusters;
(d) Normalized cumulative oil volume; (e) Differential pressure; (f) Injectivity index.

Finally, the pressure response is shown in Figure 8e. Higher values of differential pressure
for the XG_NP due to the viscosity increase of the biopolymer solution are observed. According to
Figure 8f, Xanthan Gum, at a high rate, loses injectivity relative to the NF solution during the first 4 PVI.
Thereafter, the injectivity for the system with Xanthan Gum is better than the other fluid. The effect of
the hydrodynamic resistance is similar to the previous test. However, the inflection point is delayed
because of the end of the oil production was delayed too.

4. Discussion

4.1. Performance of the Xanthan Gum and Scleroglucan

The performance of the solutions used in this study was evaluated comparing the reference
fluids (Brine and NF) and the biopolymer solutions with NPs. In this way, were tested the main
properties of the polymers and NPs. The main objective of adding polymers to the brine was to
increase the viscosity to improve the sweep efficiency of the water flooding. Table 7 showed an
increase of more than two times the viscosity of the biopolymer solutions in comparison with the brine.
Additionally, the interaction with the Silica NPs increased this measure in 0.1 mPa·s in the Scleroglucan
and the reference fluid (NF). In the xanthan gum solutions, the NPs reduced the viscosity in 0.1 mPa·s.
However, no evidence of relevant polymer degradation was shown when the NPs were added to the
polymer solution.

The interfacial tension reduction was a property of the NPs solutions [18,19]. The results of
Table 7 suggested a reduction of 13.5 mN/m for the solutions with Xanthan Gum, in consequence,
the reduction was improved in 1.1 mN/m in comparison with the reference fluids (NF and brine).
On the other hand, the reduction was 10.1 mN/m for the Scleroglucan. That reduction was lower than
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the value reached with the reference fluids (12.4 mN/m). The interaction solid-liquid was evaluated
measuring the contact angle. The behavior of the biopolymer in the reduction was less evident than
the reference fluids.

Table 7. Effect of the NPs in the performance of the biopolymer solutions at room temperature.

Variable
Reference Xanthan Gum Scleroglucan

NF Brine Δ XG_NP XG Δ SCL_NP SCL Δ

Interfacial tension (mN/m) 6.2 18.6 12.4 5.9 19.4 13.5 5.9 16.0 10.1
Contact angle (degrees) 41.9 65.3 23.4 38.4 51.6 13.2 42.3 56.0 13.7

Viscosity (mPa/s) 1.1 1.0 0.1 2.2 2.3 0.1 2.5 2.4 0.1
pH 6.7 6.5 0.2 6.6 6.0 0.6 7.2 6.8 0.4

Nanosize distribution (nm) 64.8 - - 31.9 - - 31.5 - -

The stability of NPs solutions is a key point because the tendency of agglomeration precipitation.
The measured of 64.8 nm (approximately two times the size reported by the manufacture) in the
nanosize distribution for the reference NF solution is an indication of agglomeration. However,
the results of this study suggested an improvement in the NPs stability and distribution due to the
biopolymers presence in the solutions. That because the values obtained (Table 7) are very close to the
real size of the particles (32 nm). The interaction between the NPs and the biopolymer generates a
more alkaline solution according to the increase in the pH (Table 7).

4.2. Evaluation of the Recovery Factor

The silica NPs were added in two different types of biopolymers (xanthan gum and Scleroglucan).
The effect of the recovery factor was evaluated using microfluidics tests. The capillary number was
maintained low (1 × 10−6 and 2 × 10−6) to allowed the positive effect of the NPs in the reduction of the
interfacial tension and the contact angle [15,18,19]. The biopolymer Scleroglucan showed poor behavior
reaching the lowest (69%) and more delayed (3.8 PVI) recovery. When the NPs were added to the SCL
solution, some injectivity problems were present. As a consequence, the positive results showed in the
IFT and contact angle were not evaluate in microfluidic tests. In the case of the brine, the NPs improve
the performance of the water flooding, increasing the recovery factor from the OOIP in 7.5% and
anticipating the production reaching the steady-state 1.3 PVI early (Figure 9). The biopolymer xanthan
gum showed the best performance when the NPs was added. The improvement in the recovery factor
was 11.7% from the OOIP (Figure 9). In terms of time, the NPs did not change the time for reaching the
steady-state. In the studies development by Maghzi et al., 2011; Maghzi et al., 2014; Cheraghian and
Khalilinezhad, 2015 [20–22], similar behaviors were observed in the evaluation of polymer flooding
with NPs.

Figure 9. Ultimate oil recovery factor for the solutions evaluated using microfluidic tests as a function
of the time to reach the steady-state.
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4.3. NPs Effect in the Injectivity

The injectivity index was used to study the relationship between differential pressure and flow rate.
The occurrence of loss of injectivity could indicate a reduction in the permeability of the porous media.
In the first part of this study, the Xanthan Gum and Scleroglucan followed a similar behavior during
the flooding process in comparison with the brine flooding. Still, the injectivity for both biopolymers
solutions was lower than that for brine. The biopolymer adsorption could be the cause of this reduction.

In the case of the solution of Xanthan Gum with NPs, the injectivity was improved during the
first 1.5 PVI. That could be due to the nanosize distribution, since a more homogeneous distribution of
the NPs takes place when the biopolymer is in the solution. As a consequence, the combination of
factors like interaction polymer–NPs and a low rate are controlling the polymer adsorption and NPs
agglomeration, resulting in a decreased differential pressure and improved injectivity.

In a high rate scenario, the result suggested Xanthan Gum’s physical adsorption on the surface of
the porous media. As a consequence, permeability is reduced and the differential pressure increases.
However, after some time, the agglomeration of the NPs in the fluids without polymers affects the
injectivity index and showed higher values for the biopolymer system at the end of the flooding process.

4.4. Effect of the Flow Rate in the Recovery Agent Performance

The results for the ultimate oil recovery in the reference nanofluid (NF) and the xanthan gum with
NPs (XG_NP) in two flow rate scenarios were shown in Figure 10. The time (PVI) required to reach this
recovery was also shown. For both solutions, the ultimate oil recovery factor was lower at a high rate
in comparison with the results at a low rate (2 × 10−6 capillary number). Nevertheless, the high flow
rate (0.39 μL/min) affected in the same proportion the performance of both solutions. The reduction in
the ultimate oil recovery was 5.7% from the OOIP for the NF and XG_NP. In terms of time, at a high
rate, the steady-state point was approximately three times more delayed. As a result, the improved
performance of the NPs, when the xanthan gum was in the solution, was evident even in an adverse
flow regime for the NPs. The results align with the observation made by Hendraningrat et al., 2013;
Zhang et al., 2016 [13,29] which explains the negative impact of high flow rates in the performance of
the NPs on the oil displacement.

Figure 10. Ultimate oil recovery factor for the xanthan gum and NF at a low and high injections rate as
a function of the time to reach the steady-state.

5. Conclusions

This study was proposed to investigate the effect of adding silica NPs in two commercial
biopolymers solutions. IFT, contact angle and nanosize distribution were measured to show the
effect on the fluid-fluid and fluid-solid interactions. Moreover, the solutions were tested in water-wet
micromodels to investigate the effect on the sweep efficiency and displacement efficiencies in terms of
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oil recovery factor, and injectivity, in addition to the effect of flow rate on the recovery. Based on the
results obtained, the following conclusions can be drawn:

• The interaction between the NPs and the polymer had a minor effect on the viscosity of the
polymeric solution and of the brine. When the NPs were added to the Scleroglucan, a slight
increase in viscosity was reached. In the case of Xanthan Gum, the interaction with the silica NPs
produced a very small decrease in viscosity.

• The Xanthan Gum and Scleroglucan did not affect the reduction in the interfacial tension and
contact angle of NPs solutions. Additionally, the biopolymers prevented the agglomeration of the
NPs in the solution.

• The Xanthan Gum flood led to faster and higher ultimate oil recovery, smaller remaining oil
clusters, and less non-wetting phase connectivity in comparison with a conventional water
flooding. However, the NPs-assisted Xanthan flooding achieved the highest ultimate oil recovery
and the smallest oil clusters. Additionally, at a higher rate, the system Xanthan Gum/NP showed
better performance than the NF.

• In the scenario where the Xanthan Gum and the NF systems were tested at 2 × 10−6 capillary
number, the injectivity improved, due to a greater homogenous dispersion of the NP in the
solution and the reduction in the polymer adsorption. In the case of a higher rate, the flow of the
system Xanthan Gum/NP improved the injectivity after 4 PVI.

Overall, the Xanthan gum performance improved when the NPs were in the solution in comparison
with the reference fluid. These results suggested an improvement in the sweep and displacement
efficiencies at the same time. Opposite, the behavior of the Scleroglucan was poor in comparison with
the brine and unsuccessful in the mix with NPs. In general, this work shows new research alternatives
to improve oil recovery using fluid characterization and micromodel approaches.
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Abbreviations

◦API Oil relative density
CNC Critical nanoparticles concentration
D Darcy
EOR Enhanced Oil Recovery
g Gravitational constant
HPAM Hydrolyzed polyacrylamide
IFT Interfacial tension
IW Water injectivity
Iindex Injectivity index
Ipolymer Polymer injectivity
Ireference Reference fluid injectivity
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Nc Capillary number
NF Reference nanofluid
NPs Nanoparticles
OOIP Original oil in place
PAM Polyacrylamide
PVI Pore volume injected
qw Water rate
Ro Radius of drop curvature
SARA Saturate, aromatic, resin and asphaltenes
SCL Scleroglucan
Sor Residual oil saturation
Swi Initial water saturation
Vw Interstitial velocity
XG Xanthan Gum
ΔP Pressure difference
Δρ Density difference
σow Interfacial tension
μw Water phase viscosity
β Shape factor

Appendix A. Segmented Images from Microfluidic Tests

Binary images after the segmentation process from the images of the microfluidic tests. The images were
used the calculate the behavior of the oleic phase (white) during the time for each recovery agent in the three
different scenarios of the study.

Table A1. Images segmented using the Matlab code in the function of the porous volume injected (PVI)
during the recovery agent injection. The fluids are the brine, xanthan gum, and Scleroglucan for the
microfluidic screening of biopolymer solutions.

PVI Brine XG SCL

0.00

   

0.50

   

1.00
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Table A1. Cont.

PVI Brine XG SCL

2.00

   

4.00

   

Table A2. Images segmented of the evaluation of the silica NPs in the polymer flooding in the function
of the porous volume injected (PVI) during the recovery agent injection. This part shows the reference
nanofluid (NF) and the xanthan gum with NPs (XG_NP). Due to different injection problems, the
Scleroglucan with NPs was unsuccessful.

VPI NF XG_NP

0.00

0.50

1.00

1.50
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Table A3. Images segmented from the microfluidic tests to evaluate the effect of the flow rate on
the recovery performance of the xanthan gum with NPs (XG_NP) in comparison with the reference
nanofluid (NF).

VPI NF XG_NP

0.00

0.50

1.00

2.00

4.00
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Abstract: Cellulose nanocrystals (CNCs) and 2,2,6,6-tetramethylpiperidine-1-oxyl (TEMPO)-oxidized
cellulose nanofibrils (T-CNFs) were tested as enhanced oil recovery (EOR) agents through core floods
and microfluidic experiments. Both particles were mixed with low salinity water (LSW). The core
floods were grouped into three parts based on the research objectives. In Part 1, secondary core
flood using CNCs was compared to regular water flooding at fixed conditions, by reusing the same
core plug to maintain the same pore structure. CNCs produced 5.8% of original oil in place (OOIP)
more oil than LSW. For Part 2, the effect of injection scheme, temperature, and rock wettability
was investigated using CNCs. The same trend was observed for the secondary floods, with CNCs
performing better than their parallel experiment using LSW. Furthermore, the particles seemed to
perform better under mixed-wet conditions. Additional oil (2.9–15.7% of OOIP) was produced when
CNCs were injected as a tertiary EOR agent, with more incremental oil produced at high temperature.
In the final part, the effect of particle type was studied. T-CNFs produced significantly more oil
compared to CNCs. However, the injection of T-CNF particles resulted in a steep increase in pressure,
which never stabilized. Furthermore, a filter cake was observed at the core face after the experiment
was completed. Microfluidic experiments showed that both T-CNF and CNC nanofluids led to
a better sweep efficiency compared to low salinity water flooding. T-CNF particles showed the
ability to enhance the oil recovery by breaking up events and reducing the trapping efficiency of the
porous medium. A higher flow rate resulted in lower oil recovery factors and higher remaining oil
connectivity. Contact angle and interfacial tension measurements were conducted to understand
the oil recovery mechanisms. CNCs altered the interfacial tension the most, while T-CNFs had the
largest effect on the contact angle. However, the changes were not significant enough for them to be
considered primary EOR mechanisms.

Keywords: enhanced oil recovery; chemical flooding; nanocellulose; cellulose nanocrystals;
TEMPO-oxidized cellulose nanofibrils; microfluidics

1. Introduction

The majority of existing oil fields are in their tail-end production, where most of the easily
accessible oil has already been produced. The remaining oil is difficult to recover, and there is a low
proportion of new fields for exploration, as most of the basins that might contain oil have already been
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explored, and many of the unexplored basins lie in remote and environmentally sensitive areas of the
world (e.g., the Arctic) [1]. Therefore, it is important to try to extend the lifetime of already operating
fields. For example, the average recovery rate for the oil fields on the Norwegian continental shelf is
approximately 50%, thus, resulting in a high amount of unrecovered oil that is not producible with the
current technology [2]. The application of enhanced oil recovery (EOR) techniques entails methods
that could improve the oil recovery. Research and technological development have been directed to
advance the techniques of enhanced oil recovery. Recently, nanocelluloses have been introduced as
environmentally friendly nanoparticles for EOR applications [3–7].

Cellulose is an abundant biopolymer derived from various sources, usually from wood. A tree
produces 13–14 g of cellulose per day, and the total production of cellulose all over the world is
estimated to be 7.5 × 1010 tons per year [8,9]. In the cell wall of plants, cellulose molecules are
formed as solid structures made from bundles of cellulose molecules held together by inter- and
intramolecular hydrogen bonds, with dimensions in the nanoscale. Today, it is possible to extract these
nanoscaled structures from plants by various methods. Depending on the production strategy, different
structures of nanocellulose can be formed. By subjecting cellulose to controlled acid hydrolysis,
cellulose nanocrystals (CNCs) can be created, while cellulose nanofibrils (CNFs) can be obtained by
using high shear forces, e.g., a high-pressure homogenizer [10], often after a chemical pretreatment
has been applied. CNCs from wood are usually 3–5 nm wide, and have lengths ranging from
100–200 nm [11], while CNFs usually have a diameter in the range of 5–60 nm and lengths of several
micrometers [10]. The OSPAR Commission reported that CNCs and CNFs pose little or no risk to the
offshore environment [12].

Thermal stability is an important attribute when testing new particles for EOR purposes,
as temperatures in reservoirs can get quite high (>90 ◦C) [13]. Heggset et al. [14] studied the
temperature stability of CNCs and CNFs, where it was found that both types of particles exhibited
superior temperature stability when compared to e.g., the biopolymer xanthan. Furthermore, in another
study using modified nanocellulose, it was found that when nanocellulose was subjected to elevated
temperatures it experienced a slower loss in viscosity compared to the synthetic polymer, hydrolyzed
polyacrylamide (HPAM) [15]. Therefore, CNCs and CNFs might serve as a sustainable and effective
alternative EOR technique for offshore oil fields.

Molnes et al. [6] did core-flood experiments using CNCs and observed a slight increase in oil
recovery (3.4%) when the nanofluid was injected as a tertiary recovery agent. Aadland et al. [3]
did a high-temperature core flood with CNCs and showed that the nanoparticles contributed to
a slight increase in incremental oil recovery (1.2%). Kusanagi et al. [5] did tertiary core flood
experiments using 2,2,6,6-tetramethylpiperidine-1-ox (TEMPO)-oxidized cellulose nanofibers (T-CNFs)
and found that additional oil was produced (8.6%). However, they observed filtration in the porous
media and poor injectivity. Experiments using surface-functionalized nanocellulose showed that the
particles contributed to a 3–17% increase in oil recovery when injected after water flooding. From
microfluidic experiments using the same particles, three main oil recovery mechanisms were discovered:
emulsification, dragging, and wettability alteration [16]. Emulsification was also one of the main
findings from a previous study Wei et al. [15] conducted.

A recovery agent, i.e., nanofluid or low salinity brine, can be injected in a secondary or tertiary
mode. Secondary mode corresponds to the injection at initial water saturation and mainly displaces
a large connected body of oil in the porous medium, while the tertiary mode is the injection after
reaching residual oil saturation via the secondary-mode fluid, aiming to mobilize the remaining
trapped oil clusters. Therefore, the response to injecting a recovery agent differs according to the
mode, as shown in several studies [17–22]. In addition, the response is also significantly controlled by
the wettability condition of the rock, as it affects the initial distribution of fluids within the porous
medium, as well as the displacement dynamics [23–28]. Several studies tested recovery agents at
different wettability conditions, i.e., water wet and intermediate wet, however, the reported results
were not consistent [19–21,29,30]. A study suggested that the effect of aging, in terms of oil recovery,
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was dependent on the oil-brine-rock system, where, for example, rocks of the same type with different
clay content would show different responses. As previously mentioned, the temperature is another
important parameter in relation to oil recovery, which also affects the recovery response. Therefore, it is
vital to establish an understanding of how new EOR candidates behave in different recovery modes,
wettability conditions, and temperatures.

Mobilization of the residual oil in a porous medium is considerably governed by the capillary
number (NC) [31]. It is defined in Equation (1) [32]; where qw is the interstitial velocity (m/s), μw is the
viscosity (Pa s) and σow is the interfacial tension (N/m) between oil and water. The flow in a porous
medium is dominated by viscous forces if the capillary number is high, and capillary forces if the
capillary number is low. A higher capillary number can be achieved by decreasing the interfacial
tension, or by increasing the viscosity or the velocity of the displacing phase. The capillary number at
the end of a water flood usually ranges from 10−6 to 10−4 [33].

NC =
qw × μw

σow
(1)

The capillary number is directly related to the amount of trapped oil in a porous medium.
For brine flooding, studies [34,35] have shown that high capillary numbers (achieved by increasing

the injection rate) induced lower volumes of trapped oil in natural rocks and glass-bead packs. However,
for nanofluids a different trend was observed, where high capillary numbers yielded lower oil recovery
factors. The low oil recovery was explained by that nanoparticles require sufficient time for altering
wettability via structural-disjoining pressure, or that they agglomerate at high injection rates [35,36].

Microfluidic micromodels have been a vital technique in EOR applications, since they provide
micro-visualization of the fluid flow behavior, which can be recorded for qualitative observation,
quantitative analysis, and simulation studies. Microfluidic micromodels have been used for assessing
surfactant-polymer flooding mixed with nanoclay for improving heavy oil recovery [37], evaluating
polymer EOR for unconsolidated sand reservoirs [38], investigating EOR mechanisms associated
with injecting silica nanoparticles [39], and the screening of surface-modified silica nanoparticles for
EOR [40]. They also have been used to study the effect of the polymer concentration and injection rate
on the sweep efficiency [41], examining the impact of fluid rheology on oil recovery [42], and simulation
of fluid configurations captured from imbibition and drainage experiments on a micromodel [43].

In addition to the recovery factor, the acquired images from microfluidic studies can be processed to
evaluate the cluster size distribution and connectivity of the non-wetting phase. Cluster size distribution
is affected by wettability condition [44], injection rate [34], and interfacial tension [45]. The connectivity
of the non-wetting phase in a porous medium can be described by the Euler characteristic/number
(E) [46,47]. For 2D images, the Euler number is given by Equation (2), where C is the number of
isolated components in the image, and H is the number of holes within the components [47,48].
The aforementioned factors affecting the cluster size distribution might influence the connectivity, since
Equation (2) is dependent on the number of clusters in the image.

E = C − H (2)

In the current experimental study, core floodings and microfluidic experiments have been
conducted, to further investigate the potential of nanocelluloses for enhanced oil recovery. On the
core-scale, the main objective was to perform a comprehensive study on CNCs as recovery agent
in a secondary and tertiary mode, in water-wet and intermediate-wet systems, and at high and low
temperatures. In addition, a novel approach was tested for one core plug, where the idea was to
reuse the same natural pore structure (same core plug) after wettability restoration, excluding the
pore architecture effect on trapping efficacy. Furthermore, T-CNFs, which are of different structure
and size compared to CNCs, were evaluated on core-scale to see their ability in the mobilization of
trapped oil, compared to CNCs at the same conditions. Moreover, 2D glass microchips of the same
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pore-structure and wettability were used to obtain micro-scale comparisons between the injection
of brine, CNCs, and T-CNFs. The studied micro-scale parameters were dynamic changes in the oil
connectivity, oil recovery, and residual cluster size distribution. The microchips were also used to show
the effect of a higher flow rate on oil recovery, size distribution, and oil connectivity. This study aims to
contribute towards filling the knowledge gap in the nanocellulose literature for EOR applications.

2. Materials

2.1. Rock

The core plugs used in this study were extracted from a Berea sandstone block and had an average
length and diameter of 10 cm and 3.8 cm, respectively. The block was acquired from a quarry in Ohio,
USA and was purchased from Berea Sandstone Petroleum Cores (Berea Sandstone Petroleum Cores,
Vermilion, OH, USA). The core plugs were rinsed in a Soxhlet apparatus with methanol and dried in
an oven at 60 ◦C, prior to the core floods. Permeability and porosity measurements were performed on
the dry core plugs. Core properties are listed in Table 1.

Table 1. Properties of the cores used in experiments.

Core Length Diameter Pore Volume Permeability Porosity

(no.) (cm) (cm) (mL) (mD) (%)

1 10.0 3.8 19.3 781 17.5
2 10.0 3.7 18.3 896 15.1
3 9.9 3.8 17.5 883 15.9
4 9.7 3.8 18.4 1111 17.1
5 9.9 3.8 18.5 1067 16.9
6 9.9 3.8 18.8 928 17.2
7 9.9 3.8 18.8 768 17.2
8 9.9 3.8 18.1 771 16.5
9 9.9 3.8 18.3 727 16.8

10 9.9 3.8 17.5 832 16.0

2.2. Microfluidic Chip

Five borosilicate glass microfluidic chips of the same pore-network structure were used in this
study (Micronit Microfluidics, Enschede The Netherlands). The dimensions of the chip are 45 × 15
× 1.8 mm. The chips contain a porous medium (20 × 10 × 0.02 mm) with a pore-network structure
representing actual rock-pore structures. The pore volume, permeability, and porosity are 2.3 μL, 2.5 D,
and 57%, respectively.

2.3. Brine

All experiments were performed using low salinity water (LSW), which consisted of 0.1 wt.%
sodium chloride (NaCl) prepared from NaCl (Sigma-Aldrich, St. Louis, MO, USA) and de-ionized
water (DIW). Properties are listed in Table 2.

2.4. Nanocelluloses

2.4.1. Cellulose Nanocrystals

The cellulose nanocrystals (CNCs) were acquired from the University of Maine. The material was
manufactured at the Forest Products Laboratory in Madison, USDA (U.S. Dep. of Agriculture, USA).
The CNCs were produced by acid hydrolysis of softwood pulp, where 64% (by mass) sulphuric acid
was used to hydrolyze amorphous regions of the cellulose material, yielding acid-resistant crystals [49].
The stock-dispersion had a concentration of 12 wt.%. Properties are listed in Tables 2 and 3, and an
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atomic force microscopy (AFM) image of the particles can be seen in Figure 1. In the experiments,
the nanofluid was diluted to 1.0 wt.% CNCs using LSW.

Table 2. Fluid properties.

Fluid
Density (g/cm3) Viscosity (cP)

24 ◦C 60 ◦C 24 ◦C 60 ◦C

0.1 wt.% NaCl 1.00 0.98 0.91 0.47
1 wt.% CNCs in 0.1 wt.% NaCl 1.00 1.01 1.40 1.09

0.5 wt.% CNCs in 0.1 wt.% NaCl 0.99 1.00 1.33 1.24
0.1 wt.% T-CNFs in 0.1 wt.%

NaCl 1.01 - 3.67 -

Crude oil C 0.91 0.89 55.90 12.19
Crude oil D 0.89 0.87 20.74 5.88

2.4.2. TEMPO-Oxidized Cellulose Nanofibrils

TEMPO-oxidized cellulose nanofibrils (T-CNFs) were produced at RISE PFI (Trondheim, Norway).
For the production of T-CNFs, never-dried, bleached softwood pulp fibers were used as the source
material. The preparation was performed using 2,2,6,6-tetramethylpiperidine-1-oxyl (TEMPO)
radical-mediated oxidation, as previously described by Isogai et al. [50]. The TEMPO-oxidized
pulp was afterwards pretreated in a Mazuko-grinder before further fibrillation. The fibrillation was
done using a Rannie 15 type 12.56× homogenizer (APV, SPX Flow Technology, Silkeborg, Denmark),
and the samples were fibrillated for four passes with a pressure drop of 1000 bar in each pass.
Carboxylate content was determined using conductometric titration as previously described [51,52].
The equipment used was a 902 Titrando (Methrom AG, Herisau, Switzerland), an 856 conductivity
module and Tiamo software (Metrohm AG, Herisau, Switzerland). The stock dispersion of T-CNFs had
a concentration of 0.66 wt.% and was diluted to 0.1 wt.% using LSW. Properties are listed in Tables 2
and 3, and an AFM image of the particles can be seen in Figure 1.

Figure 1. Atomic force microscopy (AFM) images of cellulose nanocrystals (a) and 2,2,6,6-
tetramethylpiperidine-1-oxyl (TEMPO)-oxidized cellulose nanofibrils (b). From the images, it can
be seen that both cellulose nanocrystals (CNCs) and TEMPO-oxidized cellulose nanofibrils (T-CNFs)
consists of elongated particles, and that T-CNFs are longer compared to the CNCs. They both exhibit
anisotropic properties. The procedure for how the AFM images were obtained is explained in Aadland [53].

From the particle size measurement with dynamic light scattering (DLS), it was observed that
CNCs are, to a greater extent, a monodisperse sample, while T-CNF was polydisperse. DLS is not
considered a good technique to determine the size of these rod-shaped particles, as it is focused towards
spherical particles. Nevertheless, it gives a relative particle size and allows us to compare the particles
against each other. From the obtained AFM image (Figure 1b) it can be seen that the diameter for
T-CNF is approx. 15 nm, which is within the range that has been reported before in the literature for
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cellulose nanofibrils. Cellulose nanofibrils usually have a diameter in the range of 5–60 nm, and can be
several micrometers in length [10].

Table 3. Charge density and properties of the nanocellulose qualities.

Sample
Charge Density *

(mmol/g)
Functional Groups in
Significant Amounts

Zeta Potential
Apparent Size by

DLS (nm)

CNCs approx. 0.3 ** –OH, –SO3H −40.1 ± 2.5 123 ± 0–164 ± 2 nm
T-CNFs 1.13 –OH, –COOH, –CHO −41.7 ± 2.2 1019 ± 297 nm

* This is carboxylic acids for T-CNFs and sulphate half ester for CNCs. ** Determined by ICP-AA. The procedure for
zeta potential and apparent size by dynamic light scattering (DLS) can be found in Aadland [54].

The obtained characteristics for the CNCs are in accordance with result from the previous
literature [7,55,56].

2.5. Oil

Two types of crude oil were used during the experiments, denoted crude oil C and crude oil D. Both
were taken from the same field in the Norwegian Sea, but they exhibit different properties (Table 3).
The oils were filtered twice through a five μm Millipore filter under vacuum to remove impurities.
A saturates, aromatics, resins, asphaltenes (SARA) analysis was performed for both the oils, and can
be found in Table 4. From the analysis, it was seen that crude oil D contained much fewer resins and
asphaltenes compared to crude oil C. Resins and asphaltenes are polar compounds, which are considered
the surface-active components in crude oil [57].

Table 4. Saturates, aromatics, resins, asphaltenes (SARA) analysis of crude oil.

Type of Oil
Weight Percent (Normalized)

Saturates Aromatics Resins Asphaltenes

Crude oil C 66.21 25.78 7.69 0.32
Crude oil D 71.57 20.81 7.44 0.18

3. Experimental Methods

3.1. Fluid Interaction Measurements

3.1.1. Fluid-Fluid Interactions

Interfacial tension (IFT) was measured using the drop shape analyzer DSA 100S with acquisition
software (Kruss GmbH, Hamburg, Germany). The IFT was automatically calculated in the software
ADVANCE (Kruss GmbH, Hamburg, Germany), by applying the pendant drop technique, where
the contour of the drop was determined with image analysis. Measurements were taken every five
minutes for 12 h. The experiment was conducted at ambient temperature and pressure.

3.1.2. Fluid-Solid Interactions

The contact angle was measured using the same apparatus and acquisition software that was
applied for IFT. The measurement cell was filled with the respective fluid (i.e., brine or nanocellulose)
and an oil droplet was placed underneath a glass substrate. The static contact angle was measured
using the captive bubble method with the software ADVANCE. The contact angle was measured at
5 min intervals for 12 h and was performed at ambient conditions.
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3.2. Core Flood Study

3.2.1. Experimental Setup

The experimental setup of the core floods can be seen in Figure 2. A high-performance liquid
chromatography (HPLC) pump (Teledyne ISCO, Lincoln, NE, USA) was used, with Exxsol™ D60
(ExxonMobil Chemical Europe, Machelen, Belgium) as pump fluid. Three cylinders were installed
inside the heating cabinet, containing the relevant fluids-crude oil, brine, and nanofluid, respectively.
For crude oil and nanofluid, a piston was installed inside the cylinder to prevent mixing with Exxsol™
D60. Prior to each flooding stage, the respective fluid was flooded through the bypass line and out
to the effluent collector to reduce the dead volume. The back-pressure valve was only installed and
applied during the high-temperature floods.

The core was installed horizontally in a Hassler core cell and sleeve a pressure within 20–25 bar
was maintained. The pressure was logged across the core throughout the experiment, and effluent
samples were collected every one-fourth pore volume (PV) during water- and nano flooding.

Figure 2. Schematic illustration of the experimental setup of the core flood.

3.2.2. Core Flood Experiments

Ten core flood experiments were conducted, where the overall goal was to determine if nanocelluloses
have potential as enhanced oil recovery agents. The experiments were designed to test the performance
of the fluid under various conditions. The injection mode, type of oil, temperature, wettability of rock,
and particle type were the variables investigated. The experiments were classified into three parts based
upon their research objectives (see Table 5 for details).

The first part compares the induced oil recovery by CNCs to brine at fixed conditions, including
the pore structure via reusing the same core plug. The second part aims at exploring the response
of CNCs as a recovery agent in a secondary and tertiary mode, in water-wet and intermediate-wet
systems, and at high and low temperatures. The third part compares T-CNFs, to CNCs in terms of the
ability to mobilize trapped oil under the same conditions.
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Table 5. Overview of the different tests conducted. The letters A and B denote that the experiments
were conducted on the same core plug. The test number corresponds to the core number in Table 1.

Part Test No.

Fluids Conditions

Secondary
Agent

Tertiary Agent Oleic Phase
Temp.
(◦C)

Aging Time
(Weeks)

1
1A 0.1 wt.% NaCl -

Crude oil C

24

-
1B 1.0 wt.% CNCs - -

2

2 1.0 wt.% CNCs - -

3 0.1 wt.% NaCl 1.0 wt.% CNCs

Crude oil D

-
4 0.1 wt.% NaCl 1.0 wt.% CNCs 5
5 1.0 wt.% CNCs - 5

6 0.1 wt.% NaCl 1.0 wt.% CNCs

60

-
7 1.0 wt.% CNCs - -
8 0.1 wt.% NaCl 1.0 wt.% CNCs 5
9 1.0 wt.% CNCs - 7

3 10 0.1 wt.% NaCl 0.1 wt.% T-CNF 24 -

3.2.3. Core Flood Procedure

A 100% brine saturated core was installed in the core holder. Initial saturations were established
by drainage using crude oil injected at two different flow rates (1.0 and 10 mL/min). The oil recovery
experiment was conducted either as a secondary-or tertiary recovery technique, where the respective
fluid was injected using two flow rates (0.3 and 3.0 mL/min). Each flow rate continued until pressure
stabilized and no more oil was produced. For secondary mode recovery, LSW or nanofluid was injected
after establishing initial conditions in the core. Tertiary mode recovery consisted of injecting LSW as
secondary mode, then injecting the nanofluid. After each nanoflood stage (secondary or tertiary) a
post flush with LSW was injected at 3.0 mL/min, to see if any incremental oil could be produced as a
result of creating a new flow pattern in the core induced by the nanoparticles.

3.2.4. Aging

Four cores were aged using crude oil D (Test 4, 5, 8, and 9). Aging was done to make the cores
more intermediate wet. First, initial saturations were established in the core using the same procedure
as explained in the previous section. Afterwards, the core was placed in a container and immersed in
crude oil D. The container was stored in an oven at 60 ◦C. Three of the cores were aged for five weeks
(35 days), while one core was aged for seven weeks (49 days).

3.3. Microfluidic Study

3.3.1. Experimental Setup

The experimental setup of the microfluidic experiment is presented in Figure 3. A Micronit EOR
platform was used to conduct the microfluidic experiments under a microscope (Olympus SZX7,
Olympus, Langhus, Norway) integrated with a digital camera (Olympus UC90, Olympus, Langhus,
Norway). Olympus Stream Basic 2.1 (Olympus, Langhus, Norway) was used for image acquisition, as
well as experiment monitoring, via a live feed. A syringe pump (Harvard Apparatus Pump 33 DDS,
Holliston, MA., USA) and CODAN luer-lock syringes were used for the fluid injection. The syringe
was connected to a 4-way valve, which was used to bleed the line from the syringe when changing to
a new fluid. The production line was connected to a three-way valve directing the fluids to a waste
beaker during the experiment or allowing the vacuuming of the system using Edwards RV3 vacuum
pump (Edwards, Lørenskog, Norway).
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Figure 3. Schematic illustration of the experimental setup of the microfluidic experiment.

3.3.2. Microfluidics Experiments

Five microfluid experiments were conducted at room temperature, which are classified into two
groups: high injection-rate and low-injection rate experiments. They were designed to evaluate the
dynamic change in oil recovery, connectivity, and clustering, enabling a comparison between the three
injected fluids during the low rate injection scheme. In addition, it aims at evaluating the performance
of the nanofluids when they are injected with a high rate. Table 6 presents the details of the injection and
image acquisition. The analyzed area, which is with the same pore structure for the five experiments,
was selected in the middle of the microchip to avoid capillary end effects.

Table 6. Details of injection and image acquisition for microfluidics experiments.

Test No.
Recovery

Agent
Flow Rate
(μL/min)

Capillary
Number

Duration
(min)

Pore Volume
Injected

Analyzed
Area (mm2)

Image
Number

M1 0.1 wt.%
NaCl

0.18

1.2 × 10−6

23.0 1.8

28.1

31M2 1.0 wt.%
CNCs 2.1 × 10−6

M3 0.1 wt.%
T-CNFs 5.0 × 10−6

M4 1.0 wt.%
CNCs

1.80
2.1 × 10−5

10.2 8.0 25

M5 0.1 wt.%
T-CNFs 5.0 × 10−5

3.3.3. Microfluidic Procedure

After inserting a clean and dry microfluidic chip in the flooding platform, the system was
vacuumed to remove the air through the production line. After that, brine (0.1 wt.% NaCl) was injected
to fully saturate the chip at a constant rate of 0.1 mL/min. It was followed by injecting the non-wetting
phase at three different flow rates (0.006, 0.06, and 0.5 mL/min) to establish initial oil and irreducible
water saturations in the microchip. After acquiring an image of the initial state, a secondary recovery
was performed. During the recovery stage, images were taken to capture the dynamic changes.

3.3.4. Image Processing and Analysis

The acquired images were processed and analyzed using Fiji [58] with an installation of BoneJ [59]
plugin. The images were firstly segmented using a color thresholding method to extract the non-wetting
phase. The resulted binary images were utilized for cluster analysis, in order to calculate the total area
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of the oil (Ao), cluster size distribution, number of clusters (C), number of holes (H), and size of clusters.
Figure 4 illustrates an image of a saturated microchip through the process. Based on these parameters,
the change in oil recovery, oil connectivity, and cluster number were evaluated as a function of pore
volume injected (PVI). The oil recovery is given by Equation (3). The oil connectivity is described by
the Euler number, see Equation (2). In this work, the Euler number is normalized by the Euler number
of the oil at the initial stage i.e., pre-imbibition. A normalized Euler number (X) of 1 represents the
pre-flooding stage, which is the maximum value and state of connectivity, and the more disconnected
the oil becomes, the farther the value is from 1. For example, the non-wetting phase with a connectivity
of X = 0.2 is more disconnected than X = 0.4. In addition, the normalized cumulative residual oil
volume as a function of oil cluster size was obtained.

Oil recovery =
AoPVI=0 −AoPVI≥0

AoPVI=0
(3)

Figure 4. (a) Pre-processing image of a microchip (oil in gold, glass & brine in white), (b) a post-segmentation
binary image (oil in white), and (c) oil clusters were labeled by pseudorandom colors for qualitative
analysis. Quantitative analysis was applied to the binary image (b).

4. Results and Discussion

4.1. Fluid-Fluid Interactions

Interfacial tension of LSW-crude oil system was 19.2 (±0.02) and 15.3 (±0.03) mN/m for crude
oil C and D, respectively. These are considered reference values for the specific oil type, to which the
nanoparticles were compared. Crude oil D had fewer asphaltenes compared to crude oil C, and overall
lower IFT values were obtained with crude oil D. This trend in IFT based on oil composition has also
been reported in the literature [60].

The same tendency in IFT was seen for both oil types (Table 7), with 0.1 wt.% T-CNFs being
similar to the reference value and 1.0 wt.% CNCs being lower. A low IFT is favorable, as it will increase
the capillary number, which, in turn, will help to mobilize more oil. However, the decrease in IFT
using CNCs was not of orders of magnitude, which is a necessary requirement for it to be considered a
primary recovery mechanism [61]. Nevertheless, some studies have also shown that an ultralow IFT
might not be necessary to improve the oil recovery [62].

4.2. Fluid-Solid Interactions

The contact angle is considered to be the most universal measurement of the wettability of a
surface and it is an approach to measure reservoir wettability [26]. Wettability alteration has often
been ascribed to the asphaltene content in crude oil, where crude oil with a high asphaltene content
renders often more oil-wet surfaces [57]. However, this was not observed in the current study, as crude
oil C yielded lower contact angle values compared to crude oil D (Table 7).

From Table 7 it is seen that the contact angle for LSW-crude oil-glass system, was 49.6◦ (±0.2◦)
and 52.5◦ (±0.8◦) for crude oil C and D, respectively. These are considered reference values. Looking at
crude oil C, all final values (12th hour) were similar to the reference value. For crude oil D, the addition
of nanoparticles to the solution caused a small increase in the contact angle, with T-CNFs having the
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highest value. A higher value in the contact angle is equivalent to the system becoming less water-wet.
However, in this case, the system was still in the water-wet regime.

Table 7. Interfacial tension (IFT) and contact angle values. Each experiment lasted for 12 h. The average
value from the last hour of the experiment is reported in the table. Measurements were made at
ambient conditions.

Fluid
Interfacial Tension (mN/m) Contact Angle (◦)

Crude Oil C Crude Oil D Crude Oil C Crude Oil D

0.1 wt.% NaCl 19.2 ± 0.02 15.3 ± 0.03 49.6 ± 0.2 52.5 ± 0.8
1.0 wt.% CNCs 16.9 ± 0.02 13.8 ± 0.05 52.0 ± 0.1 56.1 ± 0.2

0.1 wt.% T-CNFs 19.1 ± 0.07 15.4 ± 0.03 51.1 ± 0.1 60.3 ± 0.1

4.3. Capillary Number

The capillary number for the core floods can be found in Table 8. A normal water flood has a
capillary number that is in the order of 10−7 [63]. To mobilize the remaining oil, the capillary number
should be in the range of 10−5 or higher [61]. For the low rate water and nano floods, the capillary
number was 10−6, while it was increased to 10−5 for the high rate floods. Thus, the increase in rate is
expected to result in higher incremental oil production.

Looking at the effect of particle type and crude oil type, the capillary number was slightly higher
for T-CNFs, compared to CNCs. In addition, crude oil D had slightly higher numbers than crude oil C,
but they were all in the same order of magnitude.

Table 8. Overview of capillary numbers for core floods. * The reported capillary number is an average
based on all the floods conducted with the respective fluid. For these floods, the capillary numbers
were all in the same order of magnitude.

Fluid

Capillary Number for Core Floods

Crude Oil C Crude Oil D

0.3 mL/min 3.0 mL/min 0.3 mL/min 3.0 mL/min

0.1 wt.% NaCl 1.23 × 10−6 1.23 × 10−5 1.6 × 10−6 * 1.6 × 10−5 *
1.0 wt.% CNCs 2.50 × 10−6 2.50 × 10−5 2.7 × 10−6 * 2.7 × 10−5 *

0.1 wt.% T-CNFs - - 6.0 × 10−6 6.0 × 10−5

4.4. Core Flood

4.4.1. Part 1

The objective of the secondary recovery floods was to see if CNC nanofluid produced more oil
compared to low salinity water.

The trapping efficiency of a porous medium is significantly associated with the structure of the
pore-space through factors such as pore body-throat aspect ratio and pore coordination number [64–67].
Therefore, the decision was taken to reutilize Core 1 for testing the 1 wt.% CNC nanofluid, via rinsing
the core with methanol and toluene using a Soxhlet apparatus, and then drying the core at 60 ◦C.
After drying, a new permeability and porosity measurement were obtained to compare with the
original measurements (Table 9). The wettability restoration method applied to the core was considered
successful, since it led to the same irreducible water saturation after primary drainage (Table 10).
Although Core 1 permeability and porosity was reduced by 6.5% and 1.1%, respectively, it is assumed
that the pore structure and wettability effect on oil recovery is minimized by using this approach.
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Table 9. Pore volume of core 1 after cleaning, together with permeability and porosity data before and
after water flood and core cleaning.

Core
New Pore Volume Porosity (%) Permeability (mD) Reduction Perm.

(mL) Before After Before After (%)

1 19.2 17.5 17.3 781 731 6.5

By looking at the pressure curves for secondary water- and CNC nano flood (Figure 5), the pressure
was higher for the CNC nano flood stage, and it was slightly increasing for both the low rate and the
high rate. However, no more oil was produced even though the pressure increased. Looking at the
recovery, water flooding resulted in 52.0% total recovery, where 40.9% oil was produced during low
rate and 11.1% oil was produced during the high rate (Table 10). For the second test using 1.0 wt.%
CNC nanofluid (Test 1B), a higher recovery during the low rate (48.6%) and similar recovery to water
flooding during the high rate (9.2%) were observed, overall resulting in a slightly higher total recovery
of 57.8% oil (Table 10).

With this method, the nanofluid yielded 5.8% of original oil in place (OOIP)—more oil compared
to low salinity water (Table 10). The increased oil recovery could either be a result of the viscosity
difference between water and nanocellulose, or it could be a result of a physical interaction between
the stiff and solid nanocellulose particles and the oil droplets. Another explanation for the increased
oil recovery may be that pore throats could be blocked by the nanocellulose particles, leading the fluid
in other directions.

Figure 5. Oil recovery and pressure curves for secondary water flood (Test 1A) and secondary CNC
nano flood (Test 1B). The black dotted vertical line indicates where post water flush was initiated for
the nano flood. The spike in pressure curves indicates where the rate was switched from 0.3 mL/min to
3.0 mL/min, for the respective floods.

This approach was only performed on one core as it was a time-consuming process and uncertainties
regarding the wettability of the core arose. Soxhlet extraction can sometimes change the core from a
water-wet state to an oil-wet state. In addition, the solvent may not contact all of the core [68].
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4.4.2. Part 2

In Part 2, CNC particles were used, and the parameters that were varied were wettability of the
rock, temperature, and injection scheme. The results from this part are presented according to the
injection mode.

Secondary Recovery

Further investigations of secondary recovery floodings were commenced by varying the wettability
of the rock and temperature. In Figure 6, the recovery factors and permeability of the conducted
experiments are illustrated. It is observed that CNC nanofluid produced more oil than LSW,
when compared with the equal parallel experiment (Figure 6 and Table 10).

Figure 6. Recovery factors (% of original oil in place (OOIP)) and permeability of secondary recovery
experiments. The vertical black dotted line acts as a marker between the experiments conducted at
room temperature and 60 ◦C. Dark blue or dark green colors represent the recovery factor achieved
from the low rate flooding (0.3 mL/min), while the lighter colors denote the recovery from the high rate
flooding (3.0 mL/min). The numbers on the x-axis corresponds to the test number.

Four cores were aged in total, to make them more mixed-wet. Three cores were aged for five
weeks (35 days); Test 4, 5, and 8, while Test 9 was aged for seven weeks (49 days). From an USBM
wettability experiment Anderson [57] conducted on a Berea sandstone core, the wettability changed
from water-wet (W = 0.8) to moderately oil wet (W = −0.3) over a 40-day period. However, after
35 days, the value was approximately −0.15, which indicates that the core was neutrally to moderately
oil-wet. Thus, the chosen aging time in the current experimental study should be sufficiently long to
alter the wettability to some degree. However, since it is uncertain if the wetting equilibrium has been
reached, these cores will be considered intermediate or mixed-wet.

By looking at the effect of oil recovery and rock wettability, it seemed like the nanofluid was able
to produce more oil when the core had been aged, and this was the case for both the room temperature
and 60 ◦C flood. For LSW, on the other hand, no clear trend was observed, as the experiments at
room temperature yielded a higher oil recovery for the aged core (Test 4), while, at 60 ◦C, more oil
was produced with the water-wet core (Test 6). However, it should be noted that the permeability
difference between the water-wet core and the mixed-wet core at 60 ◦C using LSW was approximately
150 mD. In addition, the total oil recovery was similar to each other—48.1% (Test 6) versus 43.8%
(Test 8). A higher permeability for core 8 could, therefore, have resulted in a slightly higher recovery,
which, in turn, could have given the same trend as was observed with the nanofluid.
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All the room temperature floods resulted in a higher total recovery compared to their parallel
experiment conducted at 60 ◦C, except for the nano flood in water-wet core (Test 2 compared to Test 7).
However, in Test 2 crude oil C was used, as opposed to crude oil D, which was used for the other
experiments. Test 4 and 5 were two of the experiments with the largest recovery during low rate
flooding. However, they were also two of the cores with the highest permeability, which, in turn, could
be a contributing factor to an increased oil recovery.

Tertiary Recovery

CNC nanofluid was introduced as a tertiary recovery technique, injected after water flooding,
to see if incremental oil could be produced. With this injection mode, it would be more difficult for
the nanoparticles to extract more oil, as most of the oil has already been recovered during water
flooding. However, for all core floods, incremental oil was produced during the tertiary stage using
CNC nanoparticles. The obtained results can be seen in Figure 7 and Table 10.

The four tests presented in Figure 7 are the same ones as already presented as secondary mode
water floods in Figure 6. Thus, the focus of this part will be on the incremental oil production induced
by the nanoparticles (green color in the figure).

Figure 7. Recovery factors (% of OOIP) of tertiary recovery experiments. The vertical black dotted
line acts as a marker between the experiments conducted at room temperature and 60 ◦C. Blue color
represent the recovery factor achieved from low and high rate water flooding, while the green color
denotes the recovery from the low and high rate nano flooding.

In terms of oil recovery and wettability, the temperature had an effect as to which wettability
conditions gave the highest incremental oil recovery. For the room temperature floods, the highest
incremental recovery was observed for the mixed-wet rock. The opposite was seen when the
temperature was increased, with the water-wet rock yielding the highest incremental oil recovery.
However, as previously discussed in the secondary mode results, there is a permeability difference of
150 mD between Test 6 and Test 8, which could be an attributing factor to the difference in recovery.
In addition, by looking at all permeability data (Figure 7), there seems to be a correlation between
permeability and recovery, as recovery is decreasing when permeability is decreasing. Thus, more
experiments should be conducted with cores, using different permeabilities to be able to confirm that
the temperature plays a role regarding the wettability preference and oil recovery. Consequently, from
these experiments, no trend can be concluded at this point, as permeability might be the dominating
factor in the oil recovery, but not the wettability.
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Regarding the effect of temperature, the largest increase in recovery was observed for the floods
conducted at 60 ◦C, where 15.7% (Test 6) and 10.5% (Test 8) additional oil was produced. However,
it should be noted that the room temperature floods had a much higher secondary mode (LSW flood)
recovery compared to the LSW floods at 60 ◦C. Thus, more oil was available for the nanoparticles when
implementing the tertiary stage at 60 ◦C. Nevertheless, by looking at the viscosity difference between
LSW and 1.0 wt.% CNCs (Table 3), the difference is larger at 60 ◦C, which could be a contributing factor
as to why more oil was produced at the high temperature.

To summarize the secondary and tertiary floods (Part 2), CNC nanoparticles were able to extract
2–27% of OOIP more oil than LSW when injected as a secondary technique, and they appeared to perform
better under mixed-wet conditions. The oil recovery was enhanced when CNC nanofluid was injected
as a tertiary recovery technique, where more incremental oil was produced for the high-temperature
floods. For the tertiary floods, there did not seem to be an overall trend regarding rock wettability and
oil recovery, as permeability might have been the dominating factor to the resulting high oil recoveries.

4.4.3. Part 3

The effect of particle type was tested since CNCs have a different shape and size compared to
T-CNFs (Figure 1). Thus, the two particles should result in a different behavior in the porous medium.

T-CNF and CNC Concentration

Two tertiary mode experiments were conducted, one using 0.1 wt.% T-CNFs (Test 10) and one using
1.0 wt.% CNCs (Test 3), both dispersed in 0.1 wt.% NaCl. The concentration of the two nanocellulose
solutions differs from one another. A concentration of 0.1 wt.% T-CNFs was chosen, based on other
flooding studies where T-CNFs have been employed [5].

CNCs were tested at different concentrations (0.5, 1.0, and 2.0 wt.%) in an injectivity study by
Molnes et al. [7]. In their following work, they decided to move forward with the 0.5 wt.% CNCs,
since it had the lowest differential pressure, but had still sufficiently effect on viscosity. The CNCs
used in the current study are of the same quality as described by Molnes et al. [7]. Since 0.5 wt.%
CNCs have already been documented in terms of EOR [6], it was of interest to test 1.0 wt.% CNCs,
since it should give a higher viscosity effect, and might be able to recover more oil than the 0.5 wt.%
CNCs. By looking at the tertiary mode experiments conducted in Part 2 in the current study, the CNC
particles injected at 60 ◦C were attributable to an incremental oil recovery of 15.7% of OOIP and 10.5%
of OOIP, respectively. No significant EOR effect was observed in the 60 ◦C experiment Molnes et al. [6]
conducted using 0.5 wt.% CNCs.

A total of 0.1 wt.% CNCs were not considered a relevant concentration in the current experiments,
as the effect of the particles was considered to be too low.

Oil Recovery Experiment

From Table 10, it is seen that the core flood using CNCs gave a total recovery of 60.4%, where
the nanofluid contributed to a 2.9% incremental oil recovery. For the core flood where T-CNFs were
employed, an additional oil recovery of 35.4% of OOIP oil was observed during the tertiary stage,
yielding a total recovery of 88.7% of OOIP (Table 10). Based on the calculated recovery, T-CNFs
seems more promising for EOR applications. However, the differential pressure kept increasing
throughout the T-CNF nano flood (Figure 8), even though no oil was produced towards the end of the
flood. A similar pressure trend has also been observed in a study performed by Kusanagi et al. [5],
using another quality of T-CNFs.
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Figure 8. Recovery and corresponding pressure curves for 1.0 wt.% CNCs in 0.1 wt.% NaCl (Test 3)
and 0.1 wt.% T-CNFs in 0.1 wt.% NaCl (Test 10).

For the flooding with CNCs, the differential pressure was relatively stable at the end of both
the low and high rate nano flood, where it was around 0.3 bar and 1.8 bar, respectively. For T-CNFs,
there was a large response in pressure when the nanofluid injection started. The pressure quickly
increased, but towards the end of the low rate, it stabilized around 12 bar. The differential pressure of
the high rate injection continuously increased and finally reached a maximum pressure of 24.1 bar,
which was approximately 11 times higher than what was observed for the high rate nano flood using
CNC particles. At 24.1 bar it was decided to stop the T-CNF nano flood experiment, as the differential
pressure was approaching the value of the surrounding sleeve pressure. 21 PVs of T-CNFs had been
injected at that point. The fluctuation in pressure (spikes) together with the constant increase could
indicate that log-jammings were building up and breaking free inside the porous medium, or that
the fluid had created a filter cake on the inlet side. Log-jams are a form of mechanical entrapment
of particles, which occurs when particles accumulate at pore throats leading to a blocked pore and
reduced permeability, which in turn results in an increased differential pressure [3]. T-CNFs have a big
aspect ratio, so the accumulation can be quite severe compared to CNCs. A filter cake was observed
on the inlet side of the core after the experiment was done, which further supports the theory about
particles being retained in the porous medium.
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4.5. Microfluidics

The oil recovery factor was 71.7%, 77.7%, and 93.2% for test M1 (0.1 wt.% NaCl), M2 (1.0 wt.%
CNCs) and M3 (0.1 wt.% T-CNFs), respectively, as shown in Figure 9a.

The highest and lowest connectivity of the residual oil was observed in the CNC flood (X = −0.38)
and T-CNF flood (X = −0.87), respectively (Figure 9b). In experiment M1, the LSW flood resulted in a
residual oil connectivity of −0.63. This flood had a faster disconnecting rate, which was due to the
poor sweep efficiency compared to the other two floods, and consequently, the oil recovery started
earlier for LSW.

T-CNFs significantly reduced the size of the remaining oil clusters compared to CNCs and LSW,
by breaking up large oil clusters and then mobilizing them. This was evident from the number of
clusters and size of the remaining clusters shown in Figure 9c,d. The LSW flood resulted in almost
the same number of clusters as the T-CNF flood, but the system had a high trapping efficiency of the
largest and smallest oil clusters. The CNC flood showed a higher reduction in oil saturation by 6%
with less fraction of large remaining oil clusters compared to the LSW flood. It significantly attributed
to a better sweep efficiency. Figure 10 shows the change in oil distribution in the analyzed part of the
microchip as a function of pore volume injected (PVI) for experiments M1, M2, and M3, where it can
also be seen that T-CNFs performed better than the two other fluids in improving the oil recovery.

Figure 9. Results for the low rate injection microfluidic experiments: (a) oil recovery factor;
(b) normalized Euler number; (c) number of clusters versus pore volume injected; and (d) normalized
cumulative residual oil volume, as a function of oil cluster size.
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Figure 10. Change in the oil (in red) configuration in the analyzed part of the microchip as a function
of pore volume injected (PVI) for experiment M1, M2, and M3.

The effect of flow rate was tested by injecting CNCs (M4) and T-CNFs (M5). The applied flow
rate was 10 times higher than the rate used in the corresponding parallel experiment, M2 (CNCs) and
M3 (T-CNFs), respectively. A higher rate resulted in lower oil recovery factors and higher remaining
oil connectivity as shown in Figure 11a,b. In addition, it was found that increasing the injection rate
increased the residual number of clusters produced by T-CNFs, while the CNC flood led to a lower
number of clusters, as illustrated in Figure 11c.

Figure 12 illustrates the post-flooding images corresponding to experiments M2–5, and it is clear
that increasing the flow rate resulted in trapping of larger oil clusters, particularly for CNCs, where a
very large cluster remained in the analyzed part of the microchip.

Figure 11. (a) Oil recovery, (b) normalized Euler number, and (c) number of clusters in the post-flooding
images of low rate (in blue) and high rate (in yellow) microfluidic experiments. CNCs were used in M2
and M4, and T-CNFs were used in M3 and M5.
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Figure 12. Illustration of the reimaging oil post flooding in CNCs experiments (M2, M4) and T-CNFs
experiments (M3, M5). M4 and M5 were performed with 10 times higher injection rate, i.e., at 1.8 μL/min
vs. 0.18 μL/min flow rate.

5. Conclusions

In this study, ten core floods and five microfluidic experiments were conducted to investigate
the potential nanocelluloses have as a chemical EOR additive in low salinity water. Two types of
nanocellulose particles were tested: cellulose nanocrystals and TEMPO-oxidized cellulose nanofibrils.
In the study, the effect of injection scheme, temperature, wettability, and particle type were looked
upon. In addition, interfacial tension and contact angle measurements were conducted to further
support the findings from the floods. Based on the study the following conclusions can be drawn:

a. The interfacial tension and contact angle values were dependent upon the crude oil type and
nanoparticle type that was used. Overall, the IFT was not altered by the addition of T-CNF
nanoparticles, but a small decrease in IFT was observed when CNCs were employed. For the
contact angle, a slight increase in value was observed when CNCs or T-CNFs were added to the LSW.
However, the change was marginal, thus, wettability alteration is not a primary EOR mechanism.

b. For the secondary mode experiment where the core was re-used, the wettability restoration
method was considered successful since it led to the same irreducible water saturation after
primary drainage. From the oil recovery experiment, nanofluid yielded 5.8% of OOIP more oil,
compared to low salinity water.

c. CNC nanoparticles were able to extract 2–27% of OOIP more oil than LSW when injected as a secondary
technique. Furthermore, the particles appeared to perform better under mixed-wet conditions.

d. The oil recovery was enhanced when CNC nanofluid was injected as a tertiary recovery technique,
where more incremental oil was produced for the high-temperature floods. For the tertiary
floods, there did not seem to be an overall trend regarding rock wettability and oil recovery.

e. Looking at the effect of particle type, T-CNFs were much more effective than CNCs to recover
trapped oil. This was evident from both core flooding and microfluidic experiments. However,
the pressure was constantly increasing during the high rate T-CNF core flood. Even though
more oil was recovered during the T-CNF flood, the high pressure indicates poor injectivity.
Furthermore, filtering of particles was observed on the inlet side of the core plug after the
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experiment. Future experiments should, therefore, test T-CNFs at a lower concentration, to
see if a similar high incremental oil recovery can be achieved with a lower and more stable
pressure profile.

f. The microfluidic experiments supported the findings from the core floods, with nanofluid leading
to a better sweep efficiency compared to low salinity flooding. T-CNFs improved the oil recovery
the most, by breaking up large oil clusters and mobilizing them. Looking at the effect of the
flow rate, it was evident that a higher flow rate resulted in lower oil recovery factors and higher
remaining oil connectivity.
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Abstract: As a fixed reservoir rock property, pore throat size distribution (PSD) is known to affect the
distribution of reservoir fluid saturation strongly. This study aims to investigate the relations between
the PSD and the oil–water relative permeabilities of reservoir rock with a focus on the efficiency
of surfactant–nanofluid flooding as an enhanced oil recovery (EOR) technique. For this purpose,
mercury injection capillary pressure (MICP) tests were conducted on two core plugs with similar
rock types (in respect to their flow zone index (FZI) values), which were selected among more than
20 core plugs, to examine the effectiveness of a surfactant–nanoparticle EOR method for reducing
the amount of oil left behind after secondary core flooding experiments. Thus, interfacial tension
(IFT) and contact angle measurements were carried out to determine the optimum concentrations
of an anionic surfactant and silica nanoparticles (NPs) for core flooding experiments. Results of
relative permeability tests showed that the PSDs could significantly affect the endpoints of the relative
permeability curves, and a large amount of unswept oil could be recovered by flooding a mixture of
the alpha olefin sulfonate (AOS) surfactant + silica NPs as an EOR solution. Results of core flooding
tests indicated that the injection of AOS +NPs solution in tertiary mode could increase the post-water
flooding oil recovery by up to 2.5% and 8.6% for the carbonate core plugs with homogeneous and
heterogeneous PSDs, respectively.

Keywords: nanomaterials; pore throat size distribution; mercury injection capillary pressure;
interfacial tension; contact angle; enhanced oil recovery; surfactant; nanoparticle

1. Introduction

Residual oil remains in the reservoirs after conventional water flooding is often regarded as the
target for enhanced oil recovery (EOR) processes. A comprehensive understanding and evaluation
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of the displacement efficiency represent a fundamental requirement for oil production forecast and
field development planning [1–3]. At a laboratory scale, similar rock types have different residual oil
saturations after water flooding, and a particular relation between the macroscopic characteristics and
the flow behavior of the porous medium is yet to be developed [4,5]. Wardlaw et al. presented a low-cost
method for estimating the amount of residual oil in a carbonate reservoir based on the observational
evaluation of rock sections and pore casts [6]. They also stated that the oil recovery increases with the
pore-to-throat diameter ratio, although this hypothesis is yet to be tested experimentally. Magara placed
emphasis on the significant contribution of pore size to the oil production efficiency [7]. Chatzis et al.
studied the effect of pore size on the residual oil saturation and ended up finding no significant
association between the residual oil saturation and the rock pore size, although they observed an
increase in the amount of the trapped oil at higher aspect ratios [8]. Elgaghah et al. considered the
influence of pore size distribution (PSD) on the displacement efficiency in oil-bearing reservoirs [9].
They employed the image processing technique to find the pore size distribution of the rock samples in
order to design the optimum microbial EOR process regarding the PSD of the porous media.

The amount of oil remained in the reservoir after the conventional water flooding was found
to be dependent on the porosity and permeability of the porous medium [10], both of which are
known to be influenced by the PSD of the reservoir rock [11]. Hence, it is essential to study the effect
of PSD on the flow behavior of the reservoir rock to understand the governing mechanisms of the
fluid flow through the porous medium. Al-Shalabi and Ghosh studied the effect of permeability
contrast on the efficiency of water flooding in different porous media consisting of a glass micromodel
(representing a high-permeability medium) and a set of sandstone core samples (representing a low- to
medium-permeability medium) [1]. They employed three techniques to measure the water displacement
efficiency, namely linear core flooding, micro model flooding, and imbibition by ultracentrifugation.
Interestingly, their results showed a higher ultimate oil recovery in the lower-permeability medium.
Gharibshahi et al. investigated the effects of pore shape, pore connectivity, pore heterogeneity, and
tortuosity on the enhanced oil recovery (EOR) and the breakthrough time of micro models of nanofluid
flow using computational fluid dynamics (CFD) [12]. Based on their results, they argued that a
random distribution model tended to resemble the fluid flow in a hydrocarbon reservoir through the
trapping effect on the flowing behavior that could not be investigated by such a model. However, to
the best of our knowledge, there are only limited research works considering the effect of nanoscale
confinement on the flow behavior of the fluid phase for water flooding in carbonate rocks. So far,
there have been many studies elaborating on the effects of pore geometry on the permeability in the
geological literature [13,14], but most of the relevant works have been focused on the single-phase fluid
flow [15]. To better clarify the effects of PSD on the flow behavior of a reservoir rock, it is important
to collect samples of similar rock types. Conventional reservoir rock typing has been defined as the
classification of the reservoir rock based on its petrophysical properties acquired through wireline
logs, porosity-permeability correlations, mercury injection curves, and geological features [5,16–20].
As a basis for reservoir rock classification, the pore geometry can be assessed based on the capillary
pressure, which, in turn, can be better measured by the mercury injection analysis rather than other
methods [21]. Most of the aforementioned research works have pointed out the relationship between
the PSD and the residual oil saturation based on the analyses performed on a synthetic structure
(i.e., micro model or sand-packs), making their results unreliable for using in actual reservoir studies.
Accordingly, the present research is an attempt to fill in the research gap of investigating the effects of
the PSD on the flow behavior of a porous medium.

Surfactant solution injection has been recommended as an efficient method to improve the
oil displacement efficiency, provided the injection amount is sufficient, particularly for depleted
reservoirs [22]. The surfactants have been widely studied as additives to decrease the oil–water
interfacial tension (IFT) and residual oil saturation [23–30]. They also act as a high-grade agent to
alter the rock surface wettability [31,32]. The ability of surfactant solutions to alter the wettability of
solid surfaces depends on the properties of both the surfactant and the neighboring reservoir rock [33].
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The primary effect of the surfactants that contributes to enhanced oil recovery is the reduction of the
oil-brine IFT, even at low concentrations [26,27]. Adsorption of surfactants on the rock surface, on the
other hand, reduces the efficiency of the EOR process [30,34]. So, in the present study, attempts were
made to minimize the surfactant loss upon the adsorption on the rock surface.

Additionally, in recent years, several scholars have studied the feasibility of applying
nanotechnology to different aspects of the petroleum industry [35–41]. Reservoir engineers have
implemented nanoparticles (NPs) for different purposes in the petroleum industry, including the EOR.
Surfactant-silica NPs solutions have drawn attention for their application in the EOR process, where
they can help decrease the surfactant loss, reduce the NP dosage, increase the particle stability, and
enhance the efficiency [42,43]. Roustaei obtained an additional 10.0% original oil in place (% OOIP)
by imbibition of CTAB solution in 6.8 wt.% saline water at ambient conditions [44]. By integrating
TX-100 (nonionic surfactant) with silica NPs, Zhao et al. could enhance the oil recovery by 8.0% of
OOIP in the presence of 3.0 wt.% NaCl at 80 ◦C [45]. Ogolo et al. stated that some NPs are suitable for
EOR projects, and the presence of ethanol could efficiently improve the EOR performance. Besides,
they showed that the mechanisms by which NPs could improve the oil recovery included reduction
of oil–water interfacial tension, oil viscosity, and mobility ratio, and modification of the rock surface
wettability and the porous medium permeability [46]. Rezaei et al. studied combinations of various
surfactants (namely, cocamidopropyl betaine (CAPB), sodium dodecylbenzene sulfonate (SDBS),
coconut di-ethanol amide (CDEA), and linear alkylbenzene sulfonic acid (LASA)), alkalis (i.e., sodium
carbonate and sodium tetraborate), and nanoparticles (viz., silica, zinc oxide, and cloisite 30B) for EOR
from dolomite rock sample [47]. They could achieve almost 19.7% and 12.2% enhancement in ultimate
oil recovery from dolomite rock samples by CAPB+sodium carbonate and CAPB+silica nanoparticle,
respectively. Suleimanov et al. could achieve up to 18% more oil recovery, in comparison with the
surfactant flooding, by combining NPs with the surfactant solution. They attributed this oil recovery
improvement to the decrease in the interfacial tension of the nanoparticle-containing system [48].
Handraningat et al. studied the effect of NPs concentration on the efficiency of the nano-EOR flooding
and could reduce the probability of pore blockage of sandstone rocks by applying an optimum range
for the concentration of NPs [49]. Despite the widespread use of nanotechnology in the EOR schemes,
there is still little knowledge on the application of the surfactant–NP composites as a new trend in the
field of chemical EOR.

In this study, firstly, the unsteady-state oil–water relative permeability curves of two core plugs
with similar flow zone indices (FZI) but different PSDs were compared during synthetic formation
water (SFW) flooding, as a secondary EOR technique. Afterward, an extended series of experiments,
including the IFT tests between the aqueous phases containing the alpha olefin sulfonate (AOS)
surfactant + silica NPs and the oil phase, and the contact angle measurements, were carried out
to determine a promising mixture of the surfactant and the NPs for EOR purposes. Zeta potential
measurements and dynamic light scattering (DLS) analysis were also performed to evaluate the stability
of the silica NPs in the presence of the anionic surfactant. Finally, as a first-time investigation into the
efficiency of the surfactant +NP flooding considering the effect of PSDs, core flooding experiments
were done on core plugs of the same rock type but different pore throat size distributions.

2. Materials and Methods

In the following section, materials used in this study and their information are listed. An introduction
to experimental procedures and the setups used for tests are also covered in this segment.

2.1. Materials

2.1.1. Surfactant

Alpha olefin sulfonate (AOS) in solid white powders is an anionic surfactant that was used in this
study. Figure 1 presents the chemical structure of the AOS surfactant.
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Figure 1. Chemical structure of alfa olefin sulfonate.

2.1.2. Nanoparticle

Hydrophilic silica nanoparticles (non-porous, 25 nm, the specific surface area of 200 m2/g,
the density of 2.4 g/cm3, and purity +99.5%), which were purchased from Sigma-Aldrich Company,
Taufkirchen, Germany were used in experiments. Transmission electron microscopy (TEM) analysis on
the silica powders was performed using a transmission electron microscope (Model: Philips EM208S
100KV, Nicosia, Cyprus). In order to investigate the size distribution of silica NPs, a dynamic light
scattering (DLS) test was performed using the Malven ZS Nano analyzer (Malven Instrument Inc.,
London, UK). Results of TEM and DLS analysis were depicted in Figure 2a,b, respectively. As the
results of the DLS test revealed, the size distribution of silica NPs is 18 nm to 38 nm, with an average
size of 25 nm. According to the thin pore throats of the carbonate rocks, determination of the maximum
radius of flocculated NPs is a crucial matter in NPs flooding. As determined by the DLS analysis,
the maximum flocculated size of silica NPs is almost 38 nm, which confirms the ability of NPs to pass
through the pore throats (minimum size of 0.05 μm to 2 μm as measured by mercury injection capillary
pressure (MICP) tests).

Figure 2. (a) TEM image and (b) DLS analysis of the nanoparticle.

2.1.3. Synthetic Brine

A solution of 180 g of sodium chloride (supplied by Merck, Darmstadt, Germany) in one liter of
deionized water (DIW) was used as the synthetic brine. The equivalent amount of NaCl is determined
for making synthetic brine with consideration of equal ionic strengths for the synthetic and the
formation brine.

2.1.4. Crude Oil

The crude oil obtained from one of the Iranian oil fields with the viscosity of 15 cp and the
gravity of 31.5◦ API was used for aging processes and experimental sections. SARA analysis was
performed for better characterization of studied crude oil. Separation of saturates, aromatics, resins,
and asphaltenes was performed as follows: initially, asphaltene fraction of the crude oil was extracted
according to the IP-143 procedure described in detail elsewhere [50]. Briefly, 1 g of the crude oil was
mixed with 30 mL of n-heptane, and refluxed for 60 min and placed in a dark room for about 12 h.
Asphaltenes was filtrated by filter paper and washed by n-heptane until the complete removal of
impurities. Subsequently, the filter paper was washed by toluene. Finally, solvents were evaporated,
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and asphaltenes were obtained. The soluble fraction of crude oil in n-heptane was further separated to
saturate, aromatic, and resin by silica gel packed column chromatography. Saturate, aromatic, and resin
fractions were separated by elution of n-hexane, toluene, and toluene/methanol (90/10), respectively.
Figures 3 and 4 show the results of SARA analysis and a schematic view of the asphaltene extraction
method, respectively.

Figure 3. The results of SARA analysis for used crude oil.

Figure 4. Schematic of the asphaltene extraction process.

2.1.5. Rock Samples

Carbonate rock samples used for core flooding experiments were selected from one of the Iranian
oil reservoirs. Results of X-ray diffraction (XRD) analysis on the powdered rock samples are depicted
in Figure 5.
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Figure 5. Results of XRD analysis on the powdered A1 (left) and A2 (right) rock samples.

Routine specifications of the core plugs are listed in Table 1.

Table 1. The specifications of the core samples.

Sample Depth (m)
Length
(mm)

Diameter
(mm)

Grain
Density
(g/cm3)

Porosity
(%)

Gas
Permeability

(mD)
Swi (%)

A1 3609.42 48.12 37.43 2.70 15.73 1.51 22.58
A2 3606.39 47.50 37.51 2.70 13.48 1.05 14.23

2.2. Experimental Procedures

2.2.1. Rock Typing

In order to select representative rock samples between more than 20 core plugs, the common,
inexpensive, and efficient flow zone index (FZI) method was applied, and two core plugs with similar
rock types were picked. FZI is a practical and well-known method in reservoir engineering to simply
identify rock types [51–53]. Results and the method for FZI calculations are described in Section 3.1.

2.2.2. Zeta Potential Measurement

To inquire about the effect of AOS surfactant on the stability of NPs suspensions, two solutions (a)
0.01 wt.% of silica NPs and (b) 0.01 wt.% of AOS + 0.01 wt.% of silica NPs, both in DIW were prepared,
and the zeta potential for the two solutions was measured. It is noteworthy that the reported zeta
potential values for each solution are the average of three times measurements.

2.2.3. IFT Measurements

A series of IFT measurements were performed to find the optimum concentrations for AOS
surfactant and silica NPs in the EOR solution. Drop shape analyzer (DSA 100, KRÜSS, Hamburg,
Germany) apparatus was applied in both IFT measurements and determination of the oil droplets
contact angle on the oil-wet rock sections. For the purpose of IFT determination between the oil and
the aqueous phases, oil droplets were injected into the aqueous phase (as the bulk phase, contains
surfactant and NPs) via a syringe; and the image of the oil droplet as it was about to be apart was used
for IFT determinations. In-house software was applied for calculating the value of IFTs.

2.2.4. Contact Angle Measurements

Contact angles of the sessile oil droplets on the rock surface were measured via DSA 100 apparatus.
In all experiments, the aqueous phase composed of different concentrations of AOS + SiO2 NPs in
SFW was used as the bulk fluid. Figure 6 demonstrates a schematic of the equipment used for IFT and
contact angle measurements.
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Figure 6. Schematic of the setup for interfacial tension IFT) and contact angle tests: (1) oil droplet,
(2) rock section, (3) aqueous solution, (4) needle, (5) cell, (6) light source, (7) CCD camera, (8) processor.

2.2.5. MICP Tests

The distribution of pressure-volume relationships can be explored through mercury injection
and monitoring the entry of mercury into a pore system. As the mercury is the non-wetting phase, it
should overcome the capillary forces to go into the pore volumes, and the intrusion process will only
progress after applying an ever-increasing pressure. A Micromeritics Autopore IV 9500 Porosimeter
apparatus, GA, USA (see Figure 7) was used for MICP measurements.

Figure 7. Setup used for mercury injection capillary pressure (MICP) tests.

Following is the procedure of MICP tests applied in this study to determining PSDs in core cuttings:

• Weighting the cleaned and dried sample.
• Selecting a proper penetrometer according to the pore volume of the core cutting.
• Weighting the penetrometer containing the cutting.
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• Loading the penetrometer to the low-pressure chamber.
• Measuring the bulk volume of the cutting.
• Increasing the pressure of mercury injection from 0.5 to 30.0 psig incrementally and monitoring

the amount of mercury intrusion at each pressure step.
• Loading the sample into the high-pressure chamber.
• Injecting the mercury into the core cutting and raising the pressure (up to 60000 psia) incrementally.
• After equilibrium is established in the last step, the injection pressure is reduced to

atmospheric pressure.
• Mercury saturations are calculated as a percentage of the pore volume at each pressure, and the pore

volume used for calculation of mercury saturation obtained from the maximum intrusion volume.

2.2.6. Core Flood Experiments

Applicability of the surfactant–NPs solution as an EOR method was examined through
displacement tests, and the efficiency of this EOR method in different PSDs was investigated. The core
plug is placed into a hassler-type stainless steel core holder, and overburden pressure about 1000 Psi
was applied using a manual confining pump. The liquid accumulator and EOR solution cylinder
connected to the core holder and a precise pressure transmitter (Model: Rosemount 3051CD, MN,
USA) was installed to measure the differential pressure between the inlet and the outlet of the core
sample. The HPLC pump injects the distilled water to the transfer vessels and pushes the piston up,
which causes the fluids (i.e., SFW, surfactant–nanoparticle solutions, or the crude oil) to be injected
into the core plug by a specific rate. The outlet pressure in all core flooding experiments was ambient
pressure. Eventually, produced fluid was collected in a calibrated burette. Figure 8 depicts a diagram
of the setup used for core flooding experiments.

Figure 8. Diagram of the setup used for core flooding tests: (1) high-pressure liquid chromatographic
(HPLC) pump, (2) valve, (3) distilled water, (4) synthetic formation water, (5) dead oil, (6)
surfactant/nanoparticle solution, (7) core holder, (8) differential pressure transmitter, (9) calibrated
burette, (10) overburden pressure.
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3. Results and Discussion

3.1. Core Sample Selection

FZI rock typing technique was applied on more than 20 core plugs cached from the depths of
3604 m to 3610 m of the reservoir, and the two core plugs which were principally alike were selected.
This method includes the three following equations (see Equations (1)–(3)) [51]:

RQI = 0.0314
√

(k⁄ϕ), (1)

ϕz = ϕ/(1 − ϕ), (2)

FZI = RQI⁄ϕz, (3)

where RQI is the rock quality index (μm), K is the permeability of the core plug (mD), ϕ is the effective
porosity (fraction), ϕz is the normalized amount of the effective porosity, and the ratio of RQI to
normalized porosity is called the flow zone index (μm).

The calculated FZI for cores A1 and A2 were 0.52 and 0.56, respectively, which indicates that the
two samples have similar FZI; thus, they are classified into the same rock type or hydraulic flow unit
(HFU) [51,54,55].

3.2. Static Stability of the Solution

In order to investigate the stability of NPs into the aqueous solutions, zeta potential measurements
were conducted on two pre-prepared suspensions, including (a) 0.01 wt.% of SiO2 and (b) 0.01 wt.% of
SiO2 + 0.01 wt.% of AOS surfactant, in DIW. Results of zeta potential measurements for the NPs and
the AOS–NPs are shown in Figure 9. A negative zeta potential value signifies that the forces between
the silica NPs and the AOS surfactant monomers used in this study are repulsive, which causes the
nanoparticles not to be accumulated [56]. Investigating colloid stability is one of the most common
applications of zeta potential data. Figure 10 shows guidelines classifying NPs-dispersions with
different ranges of zeta potential values [56,57].

Figure 9. Zeta potential measurements for (a) SiO2 and (b) alpha olefin sulfonate (AOS)+ SiO2 solutions.
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Figure 10. Different ranges of zeta potential values and the level of stability of nanoparticles into the
aqueous phase.

The average amounts of zeta potential measurements were reported −29.8 and −32.5 for SiO2 and
AOS + SiO2 solutions, respectively. As can be deduced from Figure 10, the results of zeta potential
determinations depicted that the presence of the anionic surfactant could efficiently improve the
stability of silica NPs into the solution.

In order to investigate the size distribution of the SiO2 NPs, separately and in combination with
the AOS surfactant, two aqueous solutions containing (a) SiO2 (0.005 wt.%) and (b) AOS (0.005 wt.%) +
SiO2 (0.005 wt.%) were prepared and the DLS analysis was performed on both. The results of DLS
tests demonstrated that the radius of aggregated NPs as 178 and 146 nm for the solutions (a) and (b),
respectively. The smaller radius of the aggregated NPs for the AOS + SiO2 solution indicates the lower
inclination of the NPs to sedimentation.

3.3. IFT between the Crude Oil and Aqueous Solutions

Two series of IFT measurements were conducted to finally determine the optimum concentrations
for the AOS surfactant and the silica NPs in aqueous solution. The first series of oil–water IFT
measurements were performed, and the critical micelle concentration (CMC) for the AOS surfactant
was measured as 0.067 wt.%. Figure 11 shows the results of IFT measurements between different
concentrations of the AOS surfactant in SFW and crude oil.

Figure 11. Crude oil–aqueous solution IFT at different concentrations of AOS surfactant.
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In the next series of experiments, constant concentrations of 0.06, 0.07, and 0.08 wt.% of AOS
surfactant and 0.05, 0.1, and 0.2 wt.% of SiO2 NPs were added to SFW, and the oil–aqueous phase
IFT values were determined. As can be concluded from Figure 12, the addition of silica NPs to the
surfactant solution causes a further reduction in IFT values. In these concentrations for silica NPs,
the optimum concentration for the presence of NPs in the aqueous solution was determined as 0.1 wt.%.

Figure 12. IFT values between the crude oil and the aqueous solution.

3.4. Wettability Measurement

In this section, we measured the variation of the contact angle of oil droplets on oil-wet rock
sections with the aid of a sessile drop technique. For this purpose, the restored rock sections were used
to measure the wettability alterations by soaking them into the SFW and the EOR solution. The contact
angle of oil droplets on rock sections was determined (a) before aging, (b) after aging, (c), and (d) after
12 and 24 h soaking into the aqueous phases, respectively. Figure 13 shows the results of contact angle
measurements at different times when the SFW and the EOR solution (0.067 wt.% of AOS + 0.1 wt.%
SiO2) are the bulk phases.

The disjoining pressure defined as the pressure required to overcome the fluid’s adhesion force to
the solid surface to remove the liquid from the surface. In this case, the disjoining pressure is defined
as the attractive interactions between the aqueous phase and the oil film. Through this mechanism, a
wedge film of the discontinuous oil phase attached to the rock surface is created by the NPs, which were
dispersed into the aqueous phase (see Figure 14). As a specific point of view, the formation of these
wedge films, which are considerably influenced by Brownian motion and electrostatic repulsive forces
between nanoparticles, is the primary mechanism for wettability alteration of the rock sections from
oil-wet to water-wetness [58]. On the other hand, by increasing the concentration of nanoparticles,
the repulsive forces between the NPs, and also the intensification of these repulsive forces due to the
presence of surfactant monomers with the same electrical charge, increases the disjoining pressure and
Brownian motion. So, the performance of the aqueous phase in decreasing the contact angle values
improves as the concentration of nanoparticles increases [58–60]. However, the point to note here is
that increasing the concentration of NPs, in addition to raising the costs, enhances the possibility of NPs
deposition, which leads to formation damage due to plugging the rock pores and pore throats [61,62].
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Figure 13. Effects of soaking time of the rock sections in red: synthetic formation water and blue: the
enhanced oil recovery (EOR) solution on the oil-rock contact angle.

Figure 14. Schematic view of surface interactions of the carbonate rock–oil–aqueous phase (containing
surfactant + NPs) system.

To have a better comparison of the ability of different aqueous solutions in altering the rock surface
wettability, the effect of the initial value of the contact angle was eliminated. Thus, the wettability
alteration index (WAI) was determined using Equation (4) [63], and the results are shown in Figure 15.

WAI = (θ0 − θf)/(θ0 − θi), (4)

where θ0 and θi are contact angles after and before aging, respectively, and θi is contact angle after
being in contact with the EOR solution. As deduced from Equation (4); the closer the value of WAI to
1, the more the wettability changes due to the aqueous bulk solution. Figure 15 also illustrates the
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superiority of the EOR solution performance in changing the wettability of rock surfaces towards
water-wetness in comparison with the SFW.

Figure 15. Effects of soaking time in different aqueous solutions on the wettability alteration index
(WAI) of the carbonate rock sections.

3.5. Determination of the PSD

The fraction of the pore volume injected against pore throat radius is represented through the data
of MICP tests. As shown in Equation (5), the differential of pore volume injected provides a function
for pore throat size distribution.

PSD = dv/dlog(r), (5)

The differential equation will be calculated numerically. The central difference method
(Equation (6)) is used to calculate PSD as:

PSDi = (Vi+1 - Vi-1)/(log(ri+1) − log(ri-1)), (6)

Using Equation (7), the PSDs of the core plugs were smoothed and then normalized to 1 by
applying the Equation (8):

PSDi = (PSDi-1 + 2PSDi + PSDi+1)/4, (7)

PSDnormal,i = PSDi/PSDmax, (8)

The normalized PSD is represented in graphical shape along with the saturation of mercury
against pore throat radius. Figures 16 and 17 show the PSDs determined through MICP tests for the
core plugs A1 and A2, respectively.
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Figure 16. Pore throat size distribution for core A1.

Figure 17. Pore throat size distribution for core A2.

As can be seen from Figure 17, the PSDs for core A2 cover a broad range of pore throat sizes from
0.03 to 14 μm uniformly, and the average diameter of the pores is 763.9 nm. Although the range of
pore throat diameter for sample A1 (from 1.8 to 15 μm- see Figure 16) is comparable to that for sample
A2, the average pore diameters for this rock sample (7609.5 nm) is far greater than that for sample
A1. Therefore, this can be concluded that for core sample A1, there are larger pore throat sizes in it,
which may not be connected effectively, and core sample A2, pores would have better connections
together because of the extensive range of pore throat radiuses.

The total pore areas for the core samples A1 and A2 were also estimated as 0.273 and
0.035 (m2/g), respectively.
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3.6. Flooding Experiments

In order to investigate the effect of pore throat size distributions on the flowing behavior of the
core samples, two series of flooding experiments were conducted on each core plug. Figure 18 depicts
the core preparation procedure carried out before unsteady-state relative permeability measurements.

Figure 18. Steps to core sample preparation.

Core plugs were immersed in crude oil at 90 ◦C and 3500 psi for 21 days to restore the wettability
of core plugs to reservoir conditions.

In the interest of investigating the effect of different pore throat size distributions on the flowing
behavior of the oil and water phase, two-phase unsteady-state relative permeability curves were
established based on the data of oil production and pressure drop across the core plug during
SFW flooding.

After loading the core plug into the core holder, crude oil was injected into the sample to (1) replace
the oil into the core plug with fresh oil and (2) to obtain oil permeability at irreducible water saturation
(Swi). Figure 19 indicates the relative permeability curves for core samples A1 and A2. As depicted in
Figure 19, the amount of oil recovered by water flooding increases as the homogeneity of the pore
throat size and pore connectivity increase. The cross point of water and oil relative permeability curves
for core plugs A1 and A2 were at water saturation of 32% and 36%, respectively. It meant that, although
the aging process could not sufficiently change the wettability of rock samples to oil wetness, it was
more efficient in core sample A2, because of the better connections between pores.

Figure 19. Relative permeability curve for cores A1 and A2.

The residual oil saturation for the core sample A2 is about 25% less than the core A1. Unlike
what Wardlaw and Magara [6,7] stated theoretically, the higher oil recovery for a rock sample
obtained from core flooding experiments could not exclusively be the result of having a higher
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absolute gas permeability or larger pore sizes, and the PSDs and the homogeneity of pore sizes are of
particular importance.

To compare the ability of the pore network of the core samples in oil transmission, the relative
permeability ratio of water and oil (Krw/Kro) in a similar range of water saturation (Sw) for core
sample A1 and A2 are represented in Figure 20. As demonstrated in Figure 20, the ratio of water
to oil relative permeability data for core sample A2 is much lower than that for core sample A1,
which implies the higher ability of the core sample A2 in oil transmissibility than that for core sample
A1. Furthermore, it can be concluded from Figure 20 that in similar aging conditions, the core A1
showed more oil-wet behavior, which this behavior can be attributed to its large pore size distribution
and more homogeneous structure.

Figure 20. The ratio of water to oil relative permeability (Krw/Kro) for core samples A1 and A2 at
overlapped water saturations.

The experimental procedure for measuring the PSD and the USS relative permeability are available
in Supplementary Materials (see Section S.1 in Supplementary file and Figures S1 to S3 and Tables S1
to S3).

3.7. Enhanced Oil Recovery Tests

After flooding with formation water, a solution of SFW containing 0.1 wt.% AOS surfactant + 0.1 wt.%
silica NPs was flooded into the core samples with a constant flow rate of 0.02 cc/min. Figure 21 shows
the amount of oil recovered after secondary and tertiary modes of displacement tests performed on the
core plugs.

For sample A2, most of the oil is recovered through secondary water flooding. This is because of
the homogeneity of the pore throat sizes in this core plug, which causes that the aqueous phase sweeps
the oil easily out of the pores, and reaches the residual oil saturation after water flooding to a very
low value. However, in sample A1, a large amount of oil remained unswept after flooding with SFW.
Early water breakthrough time and also the high amount of unswept oil remained within the core plug
after water flooding confirmed the presence of some large pore throats into the core plug, which drives
the aqueous phase flow to the end of the plug.
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Distribution of some large pores alongside a negligible range of small pores in the structure of
sample A1 increases the probability of having a very high aspect ratio in the pore network of the
core plug. Therefore, the significant amount of oil left behind into the core plug after secondary
core flooding tests makes this rock sample an appropriate candidate for EOR plans. The best way to
recover the unswept oil remaining in the core plug after water flooding is to alter the rock surface
wettability towards water-wetness and reduce oil–water IFT; thus, oil transmissibility into the porous
media will increase. NPs are able to move through the small and inaccessible pores and can alter the
wettability of the surface of the pores to water-wetness. The addition of the AOS surfactant to the
NPs suspension will increase the stability of the NPs into the aqueous phase and also reduces the IFT
between the remained oil into the pores and the aqueous phase, and subsequently, the residual oil,
which is remained unswept can be recovered. Application of surfactant +NPs as the EOR technique
could enhance oil recovery from core plugs A1 and A2 up to about 2.5% and 8.6%, respectively.

Figure 21. Oil recovered from the secondary and tertiary oil recovery processes.

4. Conclusions

In the present study, for the first time, the simultaneous effects of PSDs and a chemical-based
EOR method were investigated experimentally through an extended series of experiments, and the
following conclusions are obtained:

• The presence of 0.1 wt.% silica NPs in combination with the AOS surfactant (CMC), reduces the
IFT value from 12.5 mN/m to 4.4 mN/m. The results of zeta potential and DLS tests confirmed the
synergy of AOS surfactant and silica nanoparticles.

• Results of contact angle measurements, as well as oil–water relative permeability tests, indicate
the capability of the AOS + SiO2 solution in altering the wettability of carbonate rocks
toward water-wetness.

• For core sample A2 with a wide range of uniform pore sizes, the amount of oil recovered by
secondary water flooding was more than that for core plug A1. Thus, in conventional water
flooding, the homogeneity of the pore sizes is more important than the dimensions of the pores.

• Based upon the results of core flooding experiments, which showed more oil recovery in water
flooding for the plug with homogeneous PSDs, it can be deduced that using the results of MICP
tests is a more reliable method than the FZI technique for rock typing in carbonate rocks.
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• At the same range of water saturation, the ratio of water to oil relative permeability for core plug
with better pore connectivity is much lower than that for the core plug with poor pore connections.
This shows how the better connection between the pores can influence oil recovery by water
flooding, which is in good agreement with the results of core flooding tests.

• Results of displacement tests outlined that applying the surfactant + NPs solution as an EOR
technique could recover up to 2.5% and 8.6% more oil from the core plugs with homogeneous and
non-homogeneous PSDs, respectively.

Supplementary Materials: The following are available online at http://www.mdpi.com/2079-4991/10/5/972/s1,
Figure S1: Desiccator used for vacuum saturation of the core plugs, Figure S2: Schematic view of the setup used
for USS water/oil relative permeability measurements, Figure S3: Water/oil relative permeability curves, Table S1:
Routine core specifications and conditions of the water/oil relative permeability test, Table S2: The results of USS
oil/water relative permeability test, Table S3: Parameters of the Modified Corey Model.
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AOS Alpha olefin sulfonate
DIW Deionized water
DLS Dynamic light scattering
EOR Enhanced oil recovery
FZI Flow zone index
IFT Interfacial tension
MICP Mercury injection capillary pressure
NP Nanoparticle
PSD Pore throat size distribution
SFW Synthetic formation water
TEM Transmission electron microscopy
WAI Wettability alteration index
XRD X-ray diffraction
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